
Kirkwood Meadows Public Utility District 

Finance Committee 

REGULAR MEETING NOTICE 

 
Distribution Date: February 26, 2021 

   

 

NOTICE IS HEREBY GIVEN that the Finance Committee of the Kirkwood 

Meadows Public Utility District has called a Regular Meeting of the Committee to be held 

on Tuesday, March 9, 2021 at 10:00am via video/teleconference on Zoom 

at:  https://us02web.zoom.us/j/83109948222 

IMPORTANT NOTICE REGARDING COVID-19 AND TELECONFERENCED MEETINGS: 

Based on mandates by the Governor and the Alpine County Health Officer to shelter in place 
and the guidance from the CDC, to minimize the spread of coronavirus, please note the 
following changes to the District’s ordinary meeting procedures: 

• The District offices are not open to the public at this time. 

• The meeting will be conducted via video and teleconference. 

• All members of the public seeking to observe and/or to address the Committee 
may participate in the meeting telephonically or online, as described below. 

 
 

HOW TO PARTICIPATE / OBSERVE THE MEETING: 
 

Telephone: Call Zoom at (669) 900-6833 and enter Meeting ID# 831 0994 8222 followed by 
the pound (#) key. 
 
Computer: Follow this link to join the meeting 
automatically:  https://us02web.zoom.us/j/83109948222 
 
Mobile: Open the Zoom mobile app on a smartphone and enter Meeting ID# 831 0994 8222 
 
 

ACCESSIBILITY INFORMATION: 
 

Committee meetings are accessible to people with disabilities and others who need 
assistance.  Individuals who need special assistance or a disability-related modification or 
accommodation (including auxiliary aids or services) to observe and/or participate in this 
meeting and access meeting-related materials should contact Jessica Gillies, Clerk of the 
Board, at least 48-hours before the meeting at (209) 258-4444 or jgillies@kmpud.com 
Advanced notification will enable the District to swiftly resolve such requests and ensure 
accessibility. 
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Kirkwood Meadows Public Utility District 

Finance Committee 

REGULAR MEETING NOTICE 

 
Distribution Date: February 26, 2021 

 
 

 
AGENDA 

1) Finances. Discussion and possible action regarding the District’s financials. 

a) January Financials Pgs. 3-19 

b) February Preliminaries Pg. 20 

c) Cash Flow Pg. 21 

d) Budget Variance Tracking Pg. 22 

e) KVFD 501(c)(3) Financials Pgs. 23-24 

2) Budget Assumptions. Discussion & possible action. Pg. 25 

3) USDA RUS Loan B8-7. Discussion & possible action. Pg.26 

4) Intent to File an Application for a USDA RUS Loan or Grant for the Wastewater 

Treatment Plant Improvements Project. Discussion & possible action. Pgs. 27-29 

5) Electric Rate Study. Discussion & possible action. Pgs. 30-77 

6) Future Topics. 

Next Meeting/Staff Recommendation:  Tuesday, April 6, 2021 – 10:00am. 

 

      

 

The Kirkwood Meadows Public Utility District is an equal opportunity provider and employer.  

 



Balance Sheet - Consolidated 
January 31, 2021

Actual Budget

January, 2021 January, 2021 Variance

ASSETS

Current Assets - Funds

 2,583,242.50  2,204,711.00  378,531.50 Total Operating

 150,291.46  130,280.00  20,011.46 Total KVFD Reserve

 466,039.13  473,242.00 (7,202.87)Total Restricted

 439,808.03  439,808.00  0.03 Total Capital Reserve

 223,863.68  224,160.00 (296.32)Total COP Reserve Fund

 3,863,244.80  3,472,201.00  391,043.80 Total Current Assets - Funds

Current Assets - Other

 1,487,576.60  1,309,103.00  178,473.60 Total Accounts Receivable, net

 254,696.75  217,000.00  37,696.75 Total Materials & Supplies

 179,545.38  170,000.00  9,545.38 Total Prepaid Expenses

 1,921,818.73  1,696,103.00  225,715.73 Total Current Assets - Other

Capital Assets

 12,908,128.65  12,905,070.00  3,058.65 Total Buildings

 16,905,361.28  16,763,383.00  141,978.28 Total Generation Equipment

 15,854,083.31  15,854,083.00  0.31 Total Intangible Assets

 43,177,086.11  43,222,383.00 (45,296.89)Total General Plant & Other

 210,644.85  168,978.00  41,666.85 Total Construction in Progress

(26,497,401.11) (26,342,895.00) (154,506.11)Total Less: Accumulated Depreciation

 62,557,903.09  62,571,002.00 (13,098.91)Total Capital Assets

Non-Current Assets

 0.00  0.00  0.00 Total Capitalized Interest Bond Proceeds

 0.00  0.00  0.00 Total Restricted Funds

 4,521,278.99  4,504,242.00  17,036.99 Total Unamortized Debt Expenses, net

 0.00  0.00  0.00 Total Other Non-Current Assets

 4,521,278.99  4,504,242.00  17,036.99 Total Non-Current Assets

Deferred Outflows

 597,119.98  0.00  597,119.98 Total Deferred Outflows

 597,119.98  0.00  597,119.98 Total Deferred Outflows

Total Assets  72,864,245.61  72,243,548.00  620,697.61 

 73,461,365.59  72,243,548.00  1,217,817.59 Total Assets and Deferred Outflows

LIABILITIES

Current Liabilities

 195,243.87  408,249.00 (213,005.13)Total Accounts Payable

 139,751.83  145,840.00 (6,088.17)Total Accrued Interest Payable

 4,178.41  0.00  4,178.41 Total Customer Deposits

 760,505.47  672,174.00  88,331.47 Total Current Portion of Long-Term Debt

 588,182.47  567,050.00  21,132.47 Total Other Current Liabilities

 1,687,862.05  1,793,313.00 (105,450.95)Total Current Liabilities

Non-Current Liabilities

 54,285,514.12  54,264,006.00  21,508.12 Total Long-term Debt, less Current Portion

 2,480,520.87  2,230,570.00  249,950.87 Total Installment Loans

 304,520.00  320,760.00 (16,240.00)Total Unearned Revenues

 939,819.00  939,819.00  0.00 Total Net Pension Liability

(95,058.98) (95,945.00)  886.02 Total Cushion of Credit

 1,579,731.00  1,579,731.00  0.00 Total Net OPEB Liability
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Balance Sheet - Consolidated 
January 31, 2021

Actual Budget

January, 2021 January, 2021 Variance

 59,495,046.01  59,238,941.00  256,105.01 Total Non-Current Liabilities

Deferred Inflows

 62,687.99  0.00  62,687.99 Total Deferred Inflows

 62,687.99  0.00  62,687.99 Total Deferred Inflows

Total Liabilities  61,182,908.06  61,032,254.00  150,654.06 

Total Liabilities and Deferred Inflows  61,245,596.05  61,032,254.00  213,342.05 

EQUITY

Net Assets

 0.00  0.00  0.00 Total Restricted for Debt Service

 12,218,539.90  11,211,294.00  1,007,245.90 Total Unrestricted

 12,218,539.90  11,211,294.00  1,007,245.90 Total Net Assets

Total Equity  12,218,539.90  11,211,294.00  1,007,245.90 

Total Liabilities, Deferred Inflows, and Equity  73,464,135.95  72,243,548.00  1,220,587.95

Database: Report:D:\Homedir\PCS\Reports\ClientCustom\Calendar Combined Balance.rpt
{GlAcct.AcctType} in ["A", "L", "Q"] and

{?Period to Post} = {GlAcctBal.PeriodPost}

Parameters:
Insight Production

Last Modified: 10/13/2017
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This Year Budget This Year Variance

Net Income/(Loss) 242,458.64 246,981.00 (4,522.36) (72,228.48) (430,554.00) 358,325.52

0.00

Total Non-Operating (174,428.01) (178,039.00) 3,610.99 (1,231,805.25) (1,293,679.00) 61,873.75

GASB 68 & 75 Expense 0.00 0.00 0.00 0.00 0.00

0.00

GASB 75 OPEB Expense 0.00 0.00 0.00 0.00 0.00 0.00

GASB 68 Pension Expense 0.00 0.00 0.00 0.00 0.00

(3,091.63)

Non-Operating Expenses 175,592.72 183,539.00 (7,946.28) 1,295,518.97 1,312,479.00 (16,960.03)

Amortization 35,758.33 36,200.00 (441.67) 250,308.37 253,400.00

(13,868.40)

Other 0.00 0.00 0.00 0.00 0.00 0.00

Interest Expense 139,834.39 147,339.00 (7,504.61) 1,045,210.60 1,059,079.00

0.00

Non-Operating Revenues 1,164.71 5,500.00 (4,335.29) 63,713.72 18,800.00 44,913.72

Contribution Revenues 0.00 0.00 0.00 0.00 0.00

Other 25.00 0.00 25.00 52,116.24 0.00 52,116.24

863,125.00 296,451.77

Investment Income 1,139.71 5,500.00 (4,360.29) 11,597.48 18,800.00 (7,202.52)

Total Operating 416,886.65 425,020.00 (8,133.35) 1,159,576.77

(155,408.98)

Operating Expenses 794,946.70 862,115.00 (67,168.30) 4,401,599.74 4,923,103.00 (521,503.26)

Internal Allocations 55,367.92 100,739.00 (45,371.08) 262,364.02 417,773.00

(25,507.28)

G & A Allocations 0.00 0.00 0.00 0.00 (5.00) 5.00

Depreciation 177,711.58 181,582.00 (3,870.42) 1,245,566.72 1,271,074.00

(43,910.24)

Board of Directors 9,549.33 12,350.00 (2,800.67) 88,492.83 86,468.00 2,024.83

Operating Expenses 45,014.53 52,704.00 (7,689.47) 275,237.76 319,148.00

(98,648.95)

Contract Services 16,818.00 4,150.00 12,668.00 118,036.36 90,900.00 27,136.36

Operations & Maintenance 67,101.62 85,323.00 (18,221.38) 481,784.05 580,433.00

(68,896.30)

Payroll Taxes & EE Benefits 79,547.19 74,455.00 5,092.19 476,343.54 490,737.00 (14,393.46)

Salaries and Wages 121,887.24 124,703.00 (2,815.76) 762,996.70 831,893.00

(225,051.49)

Cost of Goods Sold 221,949.29 226,109.00 (4,159.71) 690,777.76 834,682.00 (143,904.24)

Operating Revenues 1,211,833.35 1,287,135.00 (75,301.65) 5,561,176.51 5,786,228.00

(49,868.56)

Meter Charges 6,638.67 6,675.00 (36.33) 46,001.22 46,725.00 (723.78)

Other Sales to Public Authorities 65,287.46 60,159.00 5,128.46 343,783.44 393,652.00

0.00

Base Rates 112,365.93 121,391.00 (9,025.07) 786,930.24 849,737.00 (62,806.76)

Property Taxes 70,200.00 70,200.00 0.00 491,400.00 491,400.00

0.00

Other 104,377.98 96,225.00 8,152.98 443,046.00 429,345.00 13,701.00

Imbalance Energy 0.00 0.00 0.00 0.00 0.00

KMPUD Internal Usage 17,652.94 12,207.00 5,445.94 54,410.54 36,621.00 17,789.54

2,126,027.00 (161,733.62)

Residential 338,810.40 317,101.00 21,709.40 1,431,311.69 1,412,721.00 18,590.69

YTD YTD Dollar

Commercial 496,499.97 603,177.00 (106,677.03) 1,964,293.38

Budget Income Statement - Combined
--------------------------Month Totals-------------------- ----------------------------Year to Date Totals--------------

 January 31, 2021 Variance Budget
January       January Dollar
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Budget Income Statement -  General Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

1 - General & Admin

Other  50.00  0.00  50.00 na  1,318.08  0.00  1,318.08 na

Property Taxes  70,200.00  70,200.00  0.00 0.00%  491,400.00  491,400.00  0.00 0.00%

 70,250.00  492,718.08  491,400.00  50.00 0.07%  1,318.08 0.27% 70,200.00 Operating Revenues

Salaries and Wages  33,696.15  47,804.00 (14,107.85) -29.51%  309,914.17  363,381.00 (53,466.83) -14.71%

Payroll Taxes & EE Benefits  48,669.80  39,541.00  9,128.80 23.09%  291,766.16  283,779.00  7,987.16 2.81%

Operations & Maintenance  2,049.03  2,500.00 (450.97) -18.04%  23,123.09  21,178.00  1,945.09 9.18%

Contract Services  1,040.00  1,000.00  40.00 4.00%  68,508.88  60,350.00  8,158.88 13.52%

Operating Expenses  36,461.78  42,354.00 (5,892.22) -13.91%  232,276.94  261,698.00 (29,421.06) -11.24%

Board of Directors  9,549.33  12,350.00 (2,800.67) -22.68%  88,492.83  86,468.00  2,024.83 2.34%

G & A Allocations (131,214.93) (145,550.00)  14,335.07 -9.85% (1,012,763.99) (1,076,866.00)  64,102.01 -5.95%

 251.16  1,318.08 (12.00) 252.16 -25,216.00%  1,330.08 -11,084.00%(1.00)Operating Expenses

Total  69,998.84  491,400.00  70,201.00  491,412.00 (202.16) -0.29% (12.00) 0.00%Operating

Investment Income  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Revenues

Interest Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Amortization  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Expenses

Total  0.00  0.00  0.00  0.00  0.00 na  0.00 naNon-Operating

NET INCOME (LOSS) (202.16) -0.29% (12.00) 0.00% 69,998.84  70,201.00  491,400.00  491,412.00 
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Budget Income Statement -  General Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

2 - Fire Department

Other  5,434.12  5,500.00 (65.88) -1.20%  40,505.78  39,500.00  1,005.78 2.55%

 5,434.12  40,505.78  39,500.00 (65.88) -1.20%  1,005.78 2.55% 5,500.00 Operating Revenues

Salaries and Wages  394.24  71.00  323.24 455.27%  4,842.26  497.00  4,345.26 874.30%

Payroll Taxes & EE Benefits  200.72  42.00  158.72 377.90%  3,135.95  323.00  2,812.95 870.88%

Operations & Maintenance  4,044.45  4,550.00 (505.55) -11.11%  35,662.72  33,850.00  1,812.72 5.36%

Contract Services  0.00  0.00  0.00 na  277.50  0.00  277.50 na

Operating Expenses  100.41  700.00 (599.59) -85.66%  2,346.53  4,900.00 (2,553.47) -52.11%

Depreciation  3,343.09  3,200.00  143.09 4.47%  23,401.69  22,400.00  1,001.69 4.47%

G & A Allocations  10,890.83  12,081.00 (1,190.17) -9.85%  84,059.38  89,378.00 (5,318.62) -5.95%

Internal Allocations  2,485.79  2,441.00  44.79 1.83%  7,666.81  7,323.00  343.81 4.69%

 21,459.53  161,392.84  158,671.00 (1,625.47) -7.04%  2,721.84 1.72% 23,085.00 Operating Expenses

Total (16,025.41) (120,887.06)(17,585.00) (119,171.00) 1,559.59 -8.87% (1,716.06) 1.44%Operating

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Revenues

Interest Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Amortization  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Expenses

Total  0.00  0.00  0.00  0.00  0.00 na  0.00 naNon-Operating

NET INCOME (LOSS)  1,559.59 -8.87% (1,716.06) 1.44%(16,025.41) (17,585.00) (120,887.06) (119,171.00)
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Budget Income Statement -  General Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

3 - Parks & Recreation

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Operating Revenues

Salaries and Wages  9.11  0.00  9.11 na  2,500.92  3,251.00 (750.08) -23.07%

Payroll Taxes & EE Benefits (21.02)  0.00 (21.02) na  340.12  2,186.00 (1,845.88) -84.44%

Operations & Maintenance  0.00  0.00  0.00 na  0.00  900.00 (900.00) -100.00%

Operating Expenses  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Depreciation  0.00  315.00 (315.00) -100.00%  0.00  2,205.00 (2,205.00) -100.00%

G & A Allocations  1,312.15  1,455.00 (142.85) -9.82%  10,127.64  10,769.00 (641.36) -5.96%

Internal Allocations  5.28  0.00  5.28 na  41.06  0.00  41.06 na

 1,305.52  13,009.74  19,311.00 (464.48) -26.24% (6,301.26) -32.63% 1,770.00 Operating Expenses

Total (1,305.52) (13,009.74)(1,770.00) (19,311.00) 464.48 -26.24%  6,301.26 -32.63%Operating

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Revenues

Interest Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Amortization  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Expenses

Total  0.00  0.00  0.00  0.00  0.00 na  0.00 naNon-Operating

NET INCOME (LOSS)  464.48 -26.24%  6,301.26 -32.63%(1,305.52) (1,770.00) (13,009.74) (19,311.00)
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Budget Income Statement -  Water Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

0 - Default

Commercial  6,613.26  14,769.00 (8,155.74) -55.22%  36,587.51  46,897.00 (10,309.49) -21.98%

Residential  12,956.57  13,009.00 (52.43) -0.40%  63,898.51  64,332.00 (433.49) -0.67%

KMPUD Internal Usage  36.38  0.00  36.38 na  322.17  0.00  322.17 na

Other  380.61  500.00 (119.39) -23.88%  3,630.94  3,500.00  130.94 3.74%

Base Rates  36,096.45  36,045.00  51.45 0.14%  253,100.16  252,315.00  785.16 0.31%

Meter Charges  2,939.52  2,978.00 (38.48) -1.29%  20,085.41  20,846.00 (760.59) -3.65%

 59,022.79  377,624.70  387,890.00 (8,278.21) -12.30% (10,265.30) -2.65% 67,301.00 Operating Revenues

Salaries and Wages  6,203.84  6,140.00  63.84 1.04%  43,639.34  51,022.00 (7,382.66) -14.47%

Payroll Taxes & EE Benefits  4,322.32  3,691.00  631.32 17.10%  27,197.72  33,031.00 (5,833.28) -17.66%

Operations & Maintenance  1,884.21  1,450.00  434.21 29.95%  5,797.84  28,150.00 (22,352.16) -79.40%

Contract Services  485.00  1,600.00 (1,115.00) -69.69%  10,928.66  11,200.00 (271.34) -2.42%

Operating Expenses  1,795.19  1,400.00  395.19 28.23%  6,824.59  9,800.00 (2,975.41) -30.36%

Depreciation  8,987.43  9,640.00 (652.57) -6.77%  64,182.94  67,480.00 (3,297.06) -4.89%

G & A Allocations  22,962.61  25,471.00 (2,508.39) -9.85%  177,233.70  188,452.00 (11,218.30) -5.95%

Internal Allocations  10,973.26  12,846.00 (1,872.74) -14.58%  44,363.44  54,205.00 (9,841.56) -18.16%

 57,613.86  380,168.23  443,340.00 (4,624.14) -7.43% (63,171.77) -14.25% 62,238.00 Operating Expenses

Total  1,408.93 (2,543.53) 5,063.00 (55,450.00)(3,654.07) -72.17%  52,906.47 -95.41%Operating

Investment Income  0.67  0.00  0.67 na  3.03  0.00  3.03 na

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.67  3.03  0.00  0.67 na  3.03 na 0.00 Non-Operating Revenues

Interest Expense  859.02  859.00  0.02 0.00%  6,699.48  6,013.00  686.48 11.42%

Amortization (79.82)  0.00 (79.82) na (558.74)  0.00 (558.74) na

 779.20  6,140.74  6,013.00 (79.80) -9.29%  127.74 2.12% 859.00 Non-Operating Expenses

GASB 68 Pension Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

GASB 75 OPEB Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 GASB 68 & 75 Expense

Total (778.53) (6,137.71)(859.00) (6,013.00) 80.47 -9.37% (124.71) 2.07%Non-Operating

NET INCOME (LOSS) (3,573.60) -85.00%  52,781.76 -85.88% 630.40  4,204.00 (8,681.24) (61,463.00)
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Budget Income Statement -  Waste Water Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

0 - Default

Commercial  29,083.38  41,907.00 (12,823.62) -30.60%  96,161.97  166,218.00 (70,056.03) -42.15%

Residential  37,488.08  33,745.00  3,743.08 11.09%  175,726.34  118,863.00  56,863.34 47.84%

KMPUD Internal Usage  63.88  0.00  63.88 na  642.28  0.00  642.28 na

Other  739.65  625.00  114.65 18.34%  5,845.75  4,375.00  1,470.75 33.62%

Base Rates  55,366.57  65,093.00 (9,726.43) -14.94%  387,412.18  455,651.00 (68,238.82) -14.98%

Meter Charges  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 122,741.56  665,788.52  745,107.00 (18,628.44) -13.18% (79,318.48) -10.65% 141,370.00 Operating Revenues

Salaries and Wages  10,581.49  12,008.00 (1,426.51) -11.88%  74,540.07  98,750.00 (24,209.93) -24.52%

Payroll Taxes & EE Benefits  7,543.83  7,719.00 (175.17) -2.27%  40,547.72  67,458.00 (26,910.28) -39.89%

Operations & Maintenance  4,247.56  8,850.00 (4,602.44) -52.00%  44,084.01  81,550.00 (37,465.99) -45.94%

Contract Services  10,742.00  1,550.00  9,192.00 593.03%  18,809.07  10,850.00  7,959.07 73.36%

Operating Expenses  2,094.11  2,450.00 (355.89) -14.53%  15,565.62  17,150.00 (1,584.38) -9.24%

Depreciation  25,262.79  25,700.00 (437.21) -1.70%  179,206.48  179,900.00 (693.52) -0.39%

G & A Allocations  22,962.61  25,472.00 (2,509.39) -9.85%  177,233.70  188,453.00 (11,219.30) -5.95%

Internal Allocations  30,120.68  73,004.00 (42,883.32) -58.74%  175,579.82  313,019.00 (137,439.18) -43.91%

 113,555.07  725,566.49  957,130.00 (43,197.93) -27.56% (231,563.51) -24.19% 156,753.00 Operating Expenses

Total  9,186.49 (59,777.97)(15,383.00) (212,023.00) 24,569.49 -159.72%  152,245.03 -71.81%Operating

Investment Income  0.98  0.00  0.98 na  4.17  0.00  4.17 na

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.98  4.17  0.00  0.98 na  4.17 na 0.00 Non-Operating Revenues

Interest Expense  1,243.09  1,880.00 (636.91) -33.88%  9,694.84  13,160.00 (3,465.16) -26.33%

Amortization (115.24)  0.00 (115.24) na (806.68)  0.00 (806.68) na

 1,127.85  8,888.16  13,160.00 (752.15) -40.01% (4,271.84) -32.46% 1,880.00 Non-Operating Expenses

GASB 68 Pension Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

GASB 75 OPEB Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 GASB 68 & 75 Expense

Total (1,126.87) (8,883.99)(1,880.00) (13,160.00) 753.13 -40.06%  4,276.01 -32.49%Non-Operating

NET INCOME (LOSS)  25,322.62 -146.69%  156,521.04 -69.51% 8,059.62 (17,263.00) (68,661.96) (225,183.00)
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Budget Income Statement -  Employee Housing Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

0 - Default

Other  6,385.00  6,800.00 (415.00) -6.10%  38,820.00  40,600.00 (1,780.00) -4.38%

 6,385.00  38,820.00  40,600.00 (415.00) -6.10% (1,780.00) -4.38% 6,800.00 Operating Revenues

Salaries and Wages  102.48  0.00  102.48 na  6,463.17  1,910.00  4,553.17 238.39%

Payroll Taxes & EE Benefits  14.21  0.00  14.21 na  2,656.36  1,260.00  1,396.36 110.82%

Operations & Maintenance  2,068.22  2,000.00  68.22 3.41%  17,368.35  14,000.00  3,368.35 24.06%

Contract Services  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Operating Expenses  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Depreciation  4,736.43  4,740.00 (3.57) -0.08%  33,155.04  33,180.00 (24.96) -0.08%

G & A Allocations  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Internal Allocations  5,162.19  4,635.00  527.19 11.37%  15,092.95  17,821.00 (2,728.05) -15.31%

 12,083.53  74,735.87  68,171.00  708.53 6.23%  6,564.87 9.63% 11,375.00 Operating Expenses

Total (5,698.53) (35,915.87)(4,575.00) (27,571.00)(1,123.53) 24.56% (8,344.87) 30.27%Operating

Investment Income  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Revenues

Interest Expense  1,339.49  1,300.00  39.49 3.04%  9,383.61  9,100.00  283.61 3.12%

Amortization  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 1,339.49  9,383.61  9,100.00  39.49 3.04%  283.61 3.12% 1,300.00 Non-Operating Expenses

GASB 68 Pension Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

GASB 75 OPEB Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 GASB 68 & 75 Expense

Total (1,339.49) (9,383.61)(1,300.00) (9,100.00)(39.49) 3.04% (283.61) 3.12%Non-Operating

NET INCOME (LOSS) (1,163.02) 19.80% (8,628.48) 23.53%(7,038.02) (5,875.00) (45,299.48) (36,671.00)
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Budget Income Statement -  Electricity Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

0 - Default

Commercial  329,559.69  391,030.00 (61,470.31) -15.72%  1,457,684.92  1,412,623.00  45,061.92 3.19%

Residential  157,172.81  150,396.00  6,776.81 4.51%  745,434.49  781,871.00 (36,436.51) -4.66%

Imbalance Energy  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Other  9,660.23  1,000.00  8,660.23 866.02%  14,142.59  7,000.00  7,142.59 102.04%

Base Rates  16,907.72  16,568.00  339.72 2.05%  118,444.65  115,976.00  2,468.65 2.13%

Other Sales to Public Authorities  65,287.46  60,159.00  5,128.46 8.52%  343,783.44  393,652.00 (49,868.56) -12.67%

Meter Charges  2,234.31  2,237.00 (2.69) -0.12%  15,657.99  15,659.00 (1.01) -0.01%

 580,822.22  2,695,148.08  2,726,781.00 (40,567.78) -6.53% (31,632.92) -1.16% 621,390.00 Operating Revenues

Cost of Goods Sold  77,577.17  79,331.00 (1,753.83) -2.21%  308,287.51  368,844.00 (60,556.49) -16.42%

Salaries and Wages  27,108.81  19,655.00  7,453.81 37.92%  136,006.04  150,078.00 (14,071.96) -9.38%

Payroll Taxes & EE Benefits  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Operations & Maintenance  28,567.77  40,413.00 (11,845.23) -29.31%  196,480.28  231,475.00 (34,994.72) -15.12%

Contract Services  4,551.00  0.00  4,551.00 na  11,124.75  8,500.00  2,624.75 30.88%

Operating Expenses  1,220.33  800.00  420.33 52.54%  9,254.90  5,600.00  3,654.90 65.27%

Depreciation  125,000.16  125,000.00  0.16 0.00%  873,637.39  875,000.00 (1,362.61) -0.16%

G & A Allocations  27,030.28  29,983.00 (2,952.72) -9.85%  208,629.39  221,833.00 (13,203.61) -5.95%

Internal Allocations  3,650.12  4,069.00 (418.88) -10.29%  8,946.78  12,207.00 (3,260.22) -26.71%

 294,705.64  1,752,367.04  1,873,537.00 (4,545.36) -1.52% (121,169.96) -6.47% 299,251.00 Operating Expenses

Total  286,116.58  942,781.04  322,139.00  853,244.00 (36,022.42) -11.18%  89,537.04 10.49%Operating

Investment Income  1,136.41  5,500.00 (4,363.59) -79.34%  11,582.92  18,800.00 (7,217.08) -38.39%

Other  25.00  0.00  25.00 na  52,116.24  0.00  52,116.24 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 1,161.41  63,699.16  18,800.00 (4,338.59) -78.88%  44,899.16 238.83% 5,500.00 Non-Operating Revenues

Interest Expense  134,006.98  139,752.00 (5,745.02) -4.11%  1,000,769.55  1,005,970.00 (5,200.45) -0.52%

Amortization  36,159.19  36,200.00 (40.81) -0.11%  253,114.39  253,400.00 (285.61) -0.11%

 170,166.17  1,253,883.94  1,259,370.00 (5,785.83) -3.29% (5,486.06) -0.44% 175,952.00 Non-Operating Expenses

GASB 68 Pension Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

GASB 75 OPEB Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 GASB 68 & 75 Expense

Total (169,004.76) (1,190,184.78)(170,452.00) (1,240,570.00) 1,447.24 -0.85%  50,385.22 -4.06%Non-Operating

NET INCOME (LOSS) (34,575.18) -22.79%  139,922.26 -36.13% 117,111.82  151,687.00 (247,403.74) (387,326.00)
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Budget Income Statement -  Cable TV Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

0 - Default

Other  1,290.00  1,290.00  0.00 0.00%  9,030.00  9,030.00  0.00 0.00%

 1,290.00  9,030.00  9,030.00  0.00 0.00%  0.00 0.00% 1,290.00 Operating Revenues

Salaries and Wages  28.41  0.00  28.41 na  401.98  0.00  401.98 na

Payroll Taxes & EE Benefits  24.30  0.00  24.30 na  265.23  0.00  265.23 na

Operations & Maintenance  0.00  320.00 (320.00) -100.00%  0.00  2,240.00 (2,240.00) -100.00%

Operating Expenses  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Depreciation  27.65  65.00 (37.35) -57.46%  362.22  455.00 (92.78) -20.39%

G & A Allocations  656.08  728.00 (71.92) -9.88%  5,063.83  5,384.00 (320.17) -5.95%

Internal Allocations  2.64  0.00  2.64 na  20.54  0.00  20.54 na

 739.08  6,113.80  8,079.00 (373.92) -33.60% (1,965.20) -24.32% 1,113.00 Operating Expenses

Total  550.92  2,916.20  177.00  951.00  373.92 211.25%  1,965.20 206.65%Operating

Investment Income  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Revenues

Interest Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Amortization  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Expenses

GASB 68 Pension Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

GASB 75 OPEB Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 GASB 68 & 75 Expense

Total  0.00  0.00  0.00  0.00  0.00 na  0.00 naNon-Operating

NET INCOME (LOSS)  373.92 211.25%  1,965.20 206.65% 550.92  177.00  2,916.20  951.00 
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Budget Income Statement -  Snow Removal Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

0 - Default

KMPUD Internal Usage  12,207.00  12,207.00  0.00 0.00%  36,621.00  36,621.00  0.00 0.00%

Other  79,711.00  79,410.00  301.00 0.38%  326,903.25  317,640.00  9,263.25 2.92%

 91,918.00  363,524.25  354,261.00  301.00 0.33%  9,263.25 2.61% 91,617.00 Operating Revenues

Salaries and Wages  32,242.59  30,569.00  1,673.59 5.47%  126,583.23  100,791.00  25,792.23 25.59%

Payroll Taxes & EE Benefits  17,144.09  18,378.00 (1,233.91) -6.71%  71,512.70  62,567.00  8,945.70 14.30%

Operations & Maintenance  6,800.50  5,200.00  1,600.50 30.78%  43,952.18  53,600.00 (9,647.82) -18.00%

Contract Services  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Operating Expenses  3,194.42  5,000.00 (1,805.58) -36.11%  7,487.60  20,000.00 (12,512.40) -62.56%

Depreciation  5,294.83  6,982.00 (1,687.17) -24.16%  36,570.84  48,874.00 (12,303.16) -25.17%

G & A Allocations  14,827.29  16,447.00 (1,619.71) -9.85%  114,442.33  121,686.00 (7,243.67) -5.95%

Internal Allocations  59.61  100.00 (40.39) -40.39%  463.97  700.00 (236.03) -33.72%

 79,563.33  401,012.85  408,218.00 (3,112.67) -3.76% (7,205.15) -1.77% 82,676.00 Operating Expenses

Total  12,354.67 (37,488.60) 8,941.00 (53,957.00) 3,413.67 38.18%  16,468.40 -30.52%Operating

Investment Income  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Revenues

Interest Expense  172.27  200.00 (27.73) -13.87%  1,399.72  1,400.00 (0.28) -0.02%

Amortization  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 172.27  1,399.72  1,400.00 (27.73) -13.87% (0.28) -0.02% 200.00 Non-Operating Expenses

GASB 68 Pension Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

GASB 75 OPEB Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 GASB 68 & 75 Expense

Total (172.27) (1,399.72)(200.00) (1,400.00) 27.73 -13.87%  0.28 -0.02%Non-Operating

NET INCOME (LOSS)  3,441.40 39.37%  16,468.68 -29.75% 12,182.40  8,741.00 (38,888.32) (55,357.00)
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Budget Income Statement -  Propane Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

0 - Default

Commercial  129,600.02  153,677.00 (24,076.98) -15.67%  362,325.73  487,731.00 (125,405.27) -25.71%

Residential  113,656.43  102,451.00  11,205.43 10.94%  322,675.85  325,155.00 (2,479.15) -0.76%

KMPUD Internal Usage  5,345.68  0.00  5,345.68 na  16,825.09  0.00  16,825.09 na

Other  614.86  1,000.00 (385.14) -38.51%  1,736.73  7,000.00 (5,263.27) -75.19%

Base Rates  3,995.19  3,685.00  310.19 8.42%  27,973.25  25,795.00  2,178.25 8.44%

Meter Charges  1,464.84  1,460.00  4.84 0.33%  10,257.82  10,220.00  37.82 0.37%

 254,677.02  741,794.47  855,901.00 (7,595.98) -2.90% (114,106.53) -13.33% 262,273.00 Operating Revenues

Cost of Goods Sold  144,372.12  146,778.00 (2,405.88) -1.64%  382,490.25  465,838.00 (83,347.75) -17.89%

Salaries and Wages  9,255.66  7,395.00  1,860.66 25.16%  43,593.76  53,675.00 (10,081.24) -18.78%

Payroll Taxes & EE Benefits  8,815.36  4,446.00  4,369.36 98.28%  32,214.03  34,611.00 (2,396.97) -6.93%

Operations & Maintenance  36.06  1,440.00 (1,403.94) -97.50%  7,214.23  37,790.00 (30,575.77) -80.91%

Contract Services  0.00  0.00  0.00 na  6,312.50  0.00  6,312.50 na

Operating Expenses  148.29  0.00  148.29 na  1,481.58  0.00  1,481.58 na

Depreciation  5,059.20  5,940.00 (880.80) -14.83%  35,050.12  41,580.00 (6,529.88) -15.70%

G & A Allocations  25,062.05  27,800.00 (2,737.95) -9.85%  193,437.92  205,676.00 (12,238.08) -5.95%

Internal Allocations  1,259.19  2,017.00 (757.81) -37.57%  5,135.19  7,617.00 (2,481.81) -32.58%

 194,007.93  706,929.58  846,787.00 (1,808.07) -0.92% (139,857.42) -16.52% 195,816.00 Operating Expenses

Total  60,669.09  34,864.89  66,457.00  9,114.00 (5,787.91) -8.71%  25,750.89 282.54%Operating

Investment Income  1.65  0.00  1.65 na  7.36  0.00  7.36 na

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 1.65  7.36  0.00  1.65 na  7.36 na 0.00 Non-Operating Revenues

Interest Expense  2,213.54  3,348.00 (1,134.46) -33.88%  17,263.40  23,436.00 (6,172.60) -26.34%

Amortization (205.80)  0.00 (205.80) na (1,440.60)  0.00 (1,440.60) na

 2,007.74  15,822.80  23,436.00 (1,340.26) -40.03% (7,613.20) -32.49% 3,348.00 Non-Operating Expenses

GASB 68 Pension Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

GASB 75 OPEB Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 GASB 68 & 75 Expense

Total (2,006.09) (15,815.44)(3,348.00) (23,436.00) 1,341.91 -40.08%  7,620.56 -32.52%Non-Operating

NET INCOME (LOSS) (4,446.00) -7.04%  33,371.45 -233.01% 58,663.00  63,109.00  19,049.45 (14,322.00)
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Budget Income Statement -  Solid Waste Fund

YTDJanuary       YTD 
 January 31, 2021

January Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals---------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

0 - Default

Commercial  1,643.62  1,794.00 (150.38) -8.38%  11,533.25  12,558.00 (1,024.75) -8.16%

Residential  17,536.51  17,500.00  36.51 0.21%  123,576.50  122,500.00  1,076.50 0.88%

Other  112.51  100.00  12.51 12.51%  1,112.88  700.00  412.88 58.98%

 19,292.64  136,222.63  135,758.00 (101.36) -0.52%  464.63 0.34% 19,394.00 Operating Revenues

Salaries and Wages  2,264.46  1,061.00  1,203.46 113.43%  14,511.76  8,538.00  5,973.76 69.97%

Payroll Taxes & EE Benefits  1,406.57  638.00  768.57 120.47%  6,707.55  5,522.00  1,185.55 21.47%

Operations & Maintenance  17,403.82  18,600.00 (1,196.18) -6.43%  108,101.35  75,700.00  32,401.35 42.80%

Contract Services  0.00  0.00  0.00 na  2,075.00  0.00  2,075.00 na

Operating Expenses  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Depreciation  0.00  0.00  0.00 na  0.00  0.00  0.00 na

G & A Allocations  5,511.03  6,113.00 (601.97) -9.85%  42,536.10  45,230.00 (2,693.90) -5.96%

Internal Allocations  1,649.16  1,627.00  22.16 1.36%  5,053.46  4,881.00  172.46 3.53%

 28,235.04  178,985.22  139,871.00  196.04 0.70%  39,114.22 27.96% 28,039.00 Operating Expenses

Total (8,942.40) (42,762.59)(8,645.00) (4,113.00)(297.40) 3.44% (38,649.59) 939.69%Operating

Investment Income  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Other  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Contribution Revenues  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Revenues

Interest Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

Amortization  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 Non-Operating Expenses

GASB 68 Pension Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

GASB 75 OPEB Expense  0.00  0.00  0.00 na  0.00  0.00  0.00 na

 0.00  0.00  0.00  0.00 na  0.00 na 0.00 GASB 68 & 75 Expense

Total  0.00  0.00  0.00  0.00  0.00 na  0.00 naNon-Operating

NET INCOME (LOSS) (297.40) 3.44% (38,649.59) 939.69%(8,942.40) (8,645.00) (42,762.59) (4,113.00)
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Actual
January, 2020 Variance

2,741,478.37
150,263.59
439,931.44
439,808.03
226,602.44

3,998,083.87

1,528,268.72
217,980.19
146,022.62

1,892,271.53

12,602,483.14
16,763,382.83
15,854,083.31
42,989,107.53

456,805.94
(24,365,433.78)
64,300,428.97

0.00
0.00

4,953,410.63
0.00

4,953,410.63

499,858.98
499,858.98

75,144,195.00

75,644,053.98

464,264.58
148,992.29

6,852.54
918,839.08
622,238.58

2,161,187.07

55,398,238.74
3,093,795.78
295,346.57
852,269.00
(90,676.02)

1,306,014.00
60,854,988.07

33,143.99
33,143.99

63,016,175.14

63,049,319.13

0.00
12,594,958.27
12,594,958.27

12,594,958.27

75,644,277.40Total Liabilities, Deferred Inflows, and Equity 73,464,135.95 (2,180,141.45)

Total Net Assets 12,218,539.90 (376,418.37)

Total Equity 12,218,539.90 (376,418.37)

Total Restricted for Debt Service 0.00 0.00
Total Unrestricted 12,218,539.90 (376,418.37)

Total Liabilities and Deferred Inflows 61,245,596.05 (1,803,723.08)

EQUITY

Net Assets

Total Deferred Inflows 62,687.99 29,544.00

Total Liabilities 61,182,908.06 (1,833,267.08)

Total Non-Current Liabilities 59,495,046.01 (1,359,942.06)

Deferred Inflows
Total Deferred Inflows 62,687.99 29,544.00

Total Cushion of Credit (95,058.98) (4,382.96)
Total Net OPEB Liability 1,579,731.00 273,717.00

Total Unearned Revenues 304,520.00 9,173.43
Total Net Pension Liability 939,819.00 87,550.00

Non-Current Liabilities
Total Long-term Debt, less Current Portion 54,285,514.12 (1,112,724.62)
Total Installment Loans 2,480,520.87 (613,274.91)

Total Other Current Liabilities 588,182.47 (34,056.11)
Total Current Liabilities 1,687,862.05 (473,325.02)

Total Customer Deposits 4,178.41 (2,674.13)
Total Current Portion of Long-Term Debt 760,505.47 (158,333.61)

Total Accounts Payable 195,243.87 (269,020.71)
Total Accrued Interest Payable 139,751.83 (9,240.46)

Total Assets and Deferred Outflows 73,461,365.59 (2,182,688.39)

LIABILITIES

Current Liabilities

Total Deferred Outflows 597,119.98 97,261.00

Total Assets 72,864,245.61 (2,279,949.39)

Total Non-Current Assets 4,521,278.99 (432,131.64)

Deferred Outflows
Total Deferred Outflows 597,119.98 97,261.00

Total Unamortized Debt Expenses, net 4,521,278.99 (432,131.64)
Total Other Non-Current Assets 0.00 0.00

Non-Current Assets
Total Capitalized Interest Bond Proceeds 0.00 0.00
Total Restricted Funds 0.00 0.00

Total Less: Accumulated Depreciation (26,497,401.11) (2,131,967.33)
Total Capital Assets 62,557,903.09 (1,742,525.88)

Total General Plant & Other 43,177,086.11 187,978.58
Total Construction in Progress 210,644.85 (246,161.09)

Total Generation Equipment 16,905,361.28 141,978.45
Total Intangible Assets 15,854,083.31 0.00

Total Current Assets - Other 1,921,818.73 29,547.20

Capital Assets
Total Buildings 12,908,128.65 305,645.51

Total Materials & Supplies 254,696.75 36,716.56
Total Prepaid Expenses 179,545.38 33,522.76

Total Current Assets - Funds 3,863,244.80 (134,839.07)

Current Assets - Other
Total Accounts Receivable, net 1,487,576.60 (40,692.12)

Total Capital Reserve 439,808.03 0.00
Total COP Reserve Fund 223,863.68 (2,738.76)

Total KVFD Reserve 150,291.46 27.87
Total Restricted 466,039.13 26,107.69

ASSETS

Current Assets - Funds
Total Operating 2,583,242.50 (158,235.87)

Balance Sheet Comparison January 20-21

Actual
January, 2021
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2021 2020 Variance

2,090,525.10

1,261,051.79

57,113.54

0.00

565,732.54

486,528.00

709,069.50

346,693.89

46,404.49

5,563,118.85

701,808.92

757,312.47

461,377.74

512,018.83

91,444.76

300,570.53

88,575.12

1,268,894.74

225,052.98

262,832.72

4,669,888.81

893,230.04

23,204.85

277,433.00

0.00

300,637.85

1,083,724.22

0.00

250,924.45

1,334,648.67

(1,034,010.82)

(140,780.78)Net Income/(Loss)

YTD 

(72,228.48) 68,552.30

Total Non-Operating (1,231,805.25) (197,794.43)

(616.08)

Non-Operating Expenses 1,295,518.97 (39,129.70)

Amortization 250,308.37

(38,513.62)

Other 0.00 0.00

Interest Expense 1,045,210.60

0.00

Non-Operating Revenues 63,713.72 (236,924.13)

Contribution Revenues 0.00

Other 52,116.24 (225,316.76)

266,346.73

Investment Income 11,597.48 (11,607.37)

Total Operating 1,159,576.77

(468.70)

Operating Expenses 4,401,599.74 (268,289.07)

Internal Allocations 262,364.02

(23,328.02)

G & A Allocations 0.00 (225,052.98)

Depreciation 1,245,566.72

(25,332.77)

Board of Directors 88,492.83 (82.29)

Operating Expenses 275,237.76

(30,234.78)

Contract Services 118,036.36 26,591.60

Operations & Maintenance 481,784.05

5,684.23

Payroll Taxes & EE Benefits 476,343.54 14,965.80

Salaries and Wages 762,996.70

(1,942.34)

Cost of Goods Sold 690,777.76 (11,031.16)

Operating Revenues 5,561,176.51

(2,910.45)

Meter Charges 46,001.22 (403.27)

Other Sales to Public Authorities 343,783.44

4,872.00

Base Rates 786,930.24 77,860.74

Property Taxes 491,400.00

0.00

Other 443,046.00 (122,686.54)

Imbalance Energy 0.00

KMPUD Internal Usage 54,410.54 (2,703.00)

(126,231.72)

Residential 1,431,311.69 170,259.90

YTD Dollar

Commercial 1,964,293.38

Income Statement Comparison January 20-21
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This Year Budget This Year Variance

1,224,647.00 191,776.96Total Operating 399,041.19 361,527.00 37,514.19 1,416,423.96

(155,408.98)

Operating Expenses 827,627.00 827,627.00 0.00 5,371,420.74 5,750,735.00 (379,314.26)

Internal Allocations 92,038.00 92,038.00 0.00 354,402.02 509,811.00

(25,507.28)

G & A Allocations 0.00 0.00 0.00 0.00 0.00 0.00

Depreciation 181,582.00 181,582.00 0.00 1,427,148.72 1,452,656.00

98,283.76

Board of Directors 12,353.00 12,353.00 0.00 100,845.83 98,821.00 2,024.83

Operating Expenses 54,180.00 54,180.00 0.00 471,611.76 373,328.00

(98,648.95)

Contract Services 4,150.00 4,150.00 0.00 122,186.36 95,050.00 27,136.36

Operations & Maintenance 75,956.00 75,956.00 0.00 557,740.05 656,389.00

(68,896.30)

Payroll Taxes & EE Benefits 74,980.00 74,980.00 0.00 551,323.54 565,717.00 (14,393.46)

Salaries and Wages 123,764.00 123,764.00 0.00 886,760.70 955,657.00

(187,537.30)

Cost of Goods Sold 208,624.00 208,624.00 0.00 899,401.76 1,043,306.00 (143,904.24)

Operating Revenues 1,226,668.19 1,189,154.00 37,514.19 6,787,844.70 6,975,382.00

(43,623.90)

Meter Charges 6,641.45 6,675.00 (33.55) 52,642.67 53,400.00 (757.33)

Other Sales to Public Authorities 60,484.66 54,240.00 6,244.66 404,268.10 447,892.00

0.00

Base Rates 112,417.90 121,391.00 (8,973.10) 899,348.14 971,128.00 (71,779.86)

Property Taxes 70,200.00 70,200.00 0.00 561,600.00 561,600.00

0.00

Other 101,138.92 96,225.00 4,913.92 544,184.92 525,570.00 18,614.92

Imbalance Energy 0.00 0.00 0.00 0.00 0.00

KMPUD Internal Usage 17,130.55 12,207.00 4,923.55 71,541.09 48,828.00 22,713.09

2,668,274.00 (198,670.75)

Residential 353,344.84 285,969.00 67,375.84 1,784,656.53 1,698,690.00 85,966.53

YTD YTD Dollar

Commercial 505,309.87 542,247.00 (36,937.13) 2,469,603.25

February 2021 Preliminary Income Statement
--------------------------Month Totals--------------------- ----------------------------Year to Date Totals--------------

 February 28, 2021 Variance Budget
February       February Dollar
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Cash Flow FYE 2021

Jul-20 Aug-20 Sep-20 Oct-20 Nov-20 Dec-20 Jan-21 Feb-21 Mar-21 Apr-21 May-21 Jun-21
Revenue/Expenses

AR Revenue $389,301 $465,668 $425,426 $483,601 $392,061 $670,164 $1,029,155 $1,096,319 $913,729 $1,102,553 $739,066 $514,869
Snow Removal Revenue $61,034 $140,315 $140,315 $140,315 $116,000
Property Tax Revenue $84,000 $83,258 $346,201 $75,000 $302,936
Operating Expenses (w/out depreciation) ($419,965) ($427,772) ($423,902) ($444,136) ($559,501) ($695,503) ($680,416) ($645,924) ($631,540) ($527,374) ($402,498) ($370,264)

Capital Expenses ($68,875) ($68,875) ($68,875) ($68,875) ($68,875) ($68,875) ($68,875) ($68,875) ($68,875) ($68,875) ($68,875) ($68,875)

Loans
COP Interest ($45,100) ($34,500)
COP Principal ($530,000)
RUS Interest ($392,902) ($382,355) ($382,388) ($382,388)
RUS Principal ($309,259) ($400,099) ($319,985) ($318,148)
Bank of the West Loan ($7,100) ($7,100) ($7,100) ($7,100) ($7,100) ($7,100) ($7,100) ($7,100) ($7,100) ($7,100) ($7,100) ($7,100)
Employee Housing Condos ($3,175) ($3,175) ($3,175) ($3,175) ($3,175) ($3,175) ($3,175) ($3,175) ($3,175) ($3,175) ($3,175) ($3,175)
Wells Fargo Trackless Loan ($3,050) ($3,050) ($3,050) ($3,050) ($3,050) ($3,050) ($3,050) ($3,050) ($3,050) ($3,050) ($3,050) ($3,050)

Net Changes ($112,864) ($535,404) ($721,804) $97,580 ($109,325) ($666,420) $728,740 $333,695 ($502,384) $567,979 $254,367 ($335,196)

Updated Operating Forecast $1,565,865 $1,095,490 $1,117,223 $1,223,190 $1,279,078 $1,407,538 $2,067,513 $1,752,664 $1,250,280 $1,818,259 $2,072,626 $1,737,431
Cushion of Credit $92,945 $92,945 $94,445 $94,445 $94,445 $95,945 $95,945 $95,945 $97,445 $97,445 $97,445 $98,945
LAIF Balance $1,524,540 $1,524,540 $774,540 $777,621 $777,621 $277,621 $277,621 $1,278,756 $1,278,756 $1,278,756 $1,278,756 $1,278,756
Total Operating Cash $3,183,349 $2,712,974 $1,986,207 $2,095,256 $2,151,144 $1,781,104 $2,441,079 $3,127,364 $2,626,480 $3,194,459 $3,448,827 $3,115,131
Budget $3,060,150 $2,482,972 $1,718,819 $1,923,971 $1,931,785 $1,349,406 $2,204,711 $2,606,459 $2,216,353 $2,733,014 $3,025,382 $2,687,001
Variance to Budget $123,199 $230,002 $267,388 $171,285 $219,359 $431,698 $236,368 $520,906 $410,128 $461,445 $423,444 $428,130

Reserve Fund  

Transfer in from Operating Cash $0 $0 $0 $0 $0 $0 $0 $0 $0 $0 $0 $0
Capital Expenses
Reserve Fund Balance

Updated Reserve Forecast $439,808 $439,808 $439,808 $439,808 $439,808 $439,808 $439,808 $439,808 $439,808 $439,808 $439,808 $439,808

FYE 2021
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KNOWN BUDGET VARIANCES FOR FYE 2021 Annual Impact
Waste Water Base Rates Total FY 2021 $108,000
Solid Waste Dumping Fees - Through 1/31/21 $32,401
Solid Waste Salaries & Wages - Through 1/31/21 $7,159
Snow Removal Salaries & Wages - Through 1/31/21 $34,738
WET Lab - Iron & Manganese Testing $4,532
Ammonia Spill Clean Up $30,289
IRS Late Penalties $4,092
Snow Removal Contract Revenue $13,122

TOTAL ANNUAL IMPACT $234,334
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Balance Sheet - Consolidated 
February 28, 2021

Actual Budget

February, 2021 February, 2021 Variance

ASSETS

Assets

 70,954.91  0.00  70,954.91 Total Total PG Cash

 41,878.41  0.00  41,878.41 Total Total KVFD Cash

 45,814.39  0.00  45,814.39 Total CWIP PG - Playground

 23,566.69  0.00  23,566.69 Total CWIP KVFD - Air Compressor

 119,646.37  0.00  119,646.37 Total CWIP KVFD - Squad 93

 301,860.77  0.00  301,860.77 Total Assets

Total Assets  301,860.77  0.00  301,860.77 

 301,860.77  0.00  301,860.77 Total Assets and Deferred Outflows

LIABILITIES

Liabilities

 0.00  0.00  0.00 Total PG Accounts Payable

 0.00  0.00  0.00 Total KVFD Accounts Payable

 0.00  0.00  0.00 Total Liabilities

Total Liabilities  0.00  0.00  0.00 

Total Liabilities and Deferred Inflows  0.00  0.00  0.00 

EQUITY

Equity

 301,860.77  0.00  301,860.77 Total Equity

 301,860.77  0.00  301,860.77 Total Equity

Total Equity  301,860.77  0.00  301,860.77 

Total Liabilities, Deferred Inflows, and Equity  301,860.77  0.00  301,860.77

Database: Report:D:\Homedir\PCS\Reports\ClientCustom\Calendar Combined Balance.rpt
{GlAcct.AcctType} in ["A", "L", "Q"] and

{?Period to Post} = {GlAcctBal.PeriodPost}

Parameters:
Fire Live

Last Modified: 10/13/2017
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Budget Income Statement - Combined

YTDFebruary       YTD 

 February 28, 2021

February Dollar Percent

Variance Variance
--------------------------Month Totals-------------------------------- ----------------------------Year to Date Totals------------------------

This Year Budget Variance Variance This Year Budget

Dollar Percent

Donations  1,418.89  0.00  1,418.89 na  98,414.91  0.00  98,414.91 na

 1,418.89  98,414.91  0.00  1,418.89 na  98,414.91 na 0.00 Revenue

Total  1,418.89  98,414.91  0.00  0.00  1,418.89 na  98,414.91 naRevenue

Bank Fees  20.00  0.00  20.00 na  773.07  0.00  773.07 na

Supplies & Operating Materials  116.05  0.00  116.05 na  994.49  0.00  994.49 na

Contract Services  0.00  0.00  0.00 na  1,089.60  0.00  1,089.60 na

 136.05  2,857.16  0.00  136.05 na  2,857.16 na 0.00 Expenses

Total (136.05) (2,857.16) 0.00  0.00 (136.05) na (2,857.16) naExpenses

 95,557.75  1,282.84 na  95,557.75 na 1,282.84  0.00  0.00 

Database: Report:D:\Homedir\PCS\Reports\ClientCustom\Calendar INCOME by 

Budget_Fund_Combined_2.rpt{GlAcct.AcctType} in ["E", "I"] and

{GlAcctBal.PeriodPost} <= {?Period to Post} and

{GlAcctBal.PeriodPost} >= {@first period of year} and

{V_GLRptLvlAcctKeys.RptTypeID} = "INC_2"

Parameters:
Fire Live

Last Modified: 5/23/2019
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Finance Committee 3/9/2021   Agenda Item 2 

STAFF REPORT 

FYE 2021 Budget Assumptions 

 

Requested Action: 

 

To provide consensus to the Board regarding the methodology to use to create the budget 

assumptions for units sold. 

 

Background: 

 

In past budgeting cycles staff has used a 5-year average to create budget assumptions for units 

sold. Due to the COVID-19 pandemic the last fiscal year has created an anomalous year in the 

average. Some members of the Board previously mentioned that they believed that this 

anomalous year may become the norm versus an anomaly. Staff would like direction on how to 

proceed with creating budget assumptions in order to minimize re-work. Would the Committee 

prefer to continue to use the 5-year average or would the Committee prefer to use the recent 

fiscal year as the basis to make the assumptions for units sold?  

 

Prepared By: 

Kelly McBride 
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Finance Committee 3/9/2021   Agenda Item 3 

STAFF REPORT 

RUS Loan Maturity 

 

Requested Action: 

 

Provide consensus to the Board on rollover or pay-off of the RUS FFB Loan B8-7 due to 

mature on 3/31/2021.  

 

Background: 

 

RUS Loan #3370 originally funded on 10/17/2014 in the amount of $100,000 is due to mature on 

3/31/2021. The outstanding principal is $87,864 with a current interest rate of 1.642. Staff 

recommends this loan be allowed to mature and use the balance in the Cushion of Credit to cover 

the payment of the balance on this loan. The current balance in the Cushion of Credit is $95,945. 

 

 

Prepared By: 

 

Kelly McBride 
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Finance Committee: March 9, 2021   Agenda Item 4.   

STAFF REPORT 

USDA Wastewater Treatment Plant Funding 

Introduction 

In 2020 the District adopted new rates for the Wastewater Enterprise Fund which included 

significant improvements to the Wastewater Treatment Plant.  The study assumed the 

improvement would be funded via a 30 year, 3% loan over 3 years.  The District retained Stantec 

Consulting, Inc. to prepare a Preliminary Engineering Report, which required to submit an 

application to USDA, and was submitted February 2021. 

One of the components required for completion of the application process is conducting a public 

hearing of the District’s intent to file an application with USDA-RUS.  Due to noticing issues 

with newspapers, the first regularly scheduled Board meeting where this public hearing could 

occur is April 10, 2021. 

Requested Action 

That the Finance Committee recommend to the Board that a hearing be conducted as per USDA 

guidelines, at 9:00 AM at the regularly scheduled April Board meeting. 

 

Fiscal Impact 

Significant savings by obtaining a loan from USDA (<2%) versus commercial credit (3%). 

 

Prepared By 

Erik Christeson 
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NOTICE OF PUBLIC MEETING 

Kirkwood Meadows Public Utility District 

33540 Loop Road / P.O. Box 247 

Kirkwood CA, 95646 

April 10, 2021 at 9:00 AM 

 

Notice is hereby given of a public meeting to solicit public comment regarding the intent of the 

Kirkwood Meadows Public Utility District to apply for United States Department of Agriculture 

(USDA) funding in the amount of $6,168,000 for the purpose of completing Wastewater 

Treatment Plant Replacement and Rehabilitation Improvements. The total cost of the Project is 

approximately $6,168,000. The USDA loan debt service funding is proposed to be repaid by 

ratepayers through the District’s existing wastewater rate authorization. The public meeting will 

be held on April 10, 2021 at 9:00 AM via video/teleconference on Zoom at: [hyperlink]. For 

additional information and a map of proposed improvements please go to www.kmpud.com. The 

public is encouraged to attend and offer comments regarding the Project and USDA funding 

application.  
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1780.19   Public information. 

(a) Public notice of intent to file an application with the Agency. Within 60 days of filing an application 

with the Agency the applicant must publish a notice of intent to apply for a RUS loan or grant. The notice 

of intent must be published in a newspaper of general circulation in the proposed area to be served. 

(b) General public meeting. Applicants should inform the general public regarding the development of 

any proposed project. Any applicant not required to obtain authorization by vote of its membership or 

by public referendum, to incur the obligations of the proposed loan or grant, must hold at least one 

public information meeting. The public meeting must be held not later than loan or grant approval. The 

meeting must give the citizenry an opportunity to become acquainted with the proposed project and to 

comment on such items as economic and environmental impacts, service area, alternatives to the 

project, or any other issue identified by Agency. To the extent possible, this meeting should cover items 

necessary to satisfy all public information meeting requirements for the proposed project. To minimize 

duplication of public notices and public involvement, the applicant shall, where possible, coordinate and 

integrate the public involvement activities of the environmental review process into this requirement. 

The applicant will be required, at least 10 days prior to the meeting, to publish a notice of the meeting in 

a newspaper of general circulation in the service area, to post a public notice at the applicant's principal 

office, and to notify the Agency. The applicant will provide the Agency a copy of the published notice 

and minutes of the public meeting. A public meeting is not normally required for subsequent loans or 

grants which are needed to complete the financing of a project. 
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Page 1 of 4  February 17, 2021 

Policy Objectives for Electric Base Rate 
 

 
KMPUD will proposed changes to the current base rate for electricity to accomplish the following 
goals: 
 
1. better balance our fixed income with our fixed expenses; 
2. make sure that fixed costs are equitably allocated across customers; and 
3. create a rate structure that makes electricity competitive with propane and gasoline to both 

reduce greenhouse gas emissions and lower overall electricity rates. 
4. revenue neutral with the same unit sales 
5. majority of customers would see little change in their annual costs for electricity 
 
Fixed Costs and Financial Stability 
 
A primary goal is to meet our financial obligations in the event of a significant ski area closure 
due to pandemic and/or weather. We have two obligations. One is sufficient cash to make our 
debt service payments and operational obligations. The second is to meet our TIER ratios that 
are defined within our loan agreement with RUS.  
 
We have two sources of revenue and three sources of cash. Revenues can either come from 
sales of power defined to be the monthly fixed base rate and the variable usage rate or revenue 
can come from property taxes allocated to electricity. The latter is limited to $450,000 and our 
goal is $0 in a year where revenues and expenses meet budget. 
 
The budget for fiscal year 2020-2021 calls for sales of  6,814,149 kWh and total revenues of 
$4,714,552. The minimum power sale revenue  is currently the base rate which is $198,808 for 
this fiscal year. Source of cash include power sales, property taxes and cash reserves. Cash 
reserves for electricity are targeted at $2,000,000.  
 
The usage portion of electricity is currently $.656/kWh. We also have an “avoided cost” rate of 
$.13. The “avoid cost” is the savings to the District of not purchasing and delivering a kWh. This 
is also the amount we would pay a solar customer if they generated more power than they 
consumed in a year. Using these numbers we know that we have a cash need of $.656 - $.13 = 
$.526/kWh to cover our fixed costs. 
 
One consideration is to model a base rate that could meet our cash requirements and have a 
“fighting chance” to meet our TIER ratio in the event of a major disruption. One disruption we 
are modeling is the loss of a ski season due to pandemic. We believe a significant increase in 
the base rate and a commensurate lowering of the usage rate would be net neutral on an 
annual basis for most customers. However,  it could be a significant increase for customers with 
very little usage of electricity and for customers with rooftop solar. We will explore models for 
consideration that minimize some of those impacts. 
 
 
Equitable Allocation 
 
The current rate structure does not distinguish between commercial or residential customers, 
nor year-round or intermittent residents. The issue of equity comes up in two situations: (1) 
customers with little to no usage and (2) customers with solar generation (Note that the rules for 
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computing costs and credits for solar customers are mandated by the state’s Net Metering 
regulations). For a residential customer with no usage, they pay only the base rate at 1 EDU of 
$14.93/month for an annual cost of $179. It is an open question whether this is an equitable 
payment for their fair share of the cost of building a new powerhouse and connection to the grid. 
 
A net metering customer creates three situations as viewed by the electric grid. First, when a 
customer both generates and uses power concurrently, it appears as a reduction in demand for 
grid power. The second situation is when the customer uses the grid to place surplus power 
onto the grid. The third situation is when the customer draws power from the grid when their 
own generation is not available (i.e. nighttime) or insufficient. At the end of the year, the net 
usage is “trued up” and the customer is only changed for the net shortfall in power and not for 
the actual usage of the grid. In the extreme case, if a customer generates enough power to 
meet their annual usage, the only contribution they make to covering their use of the grid is the 
base rate. If the customer generates a net surplus of power, the District is required to pay the 
customer KMPUD’s “avoided cost” of $.13 (currently) for any excess power produced by the 
customer.  In considering the base rate, the District should consider the minimum contribution 
by a solar customer towards their fair share of the infrastructure that they are using. 
 
A goal of this study is to be both revenue neutral and to have, to the greatest extent possible, 
the minimum impact on our customers’ annual cost of electricity. The exception is the 
consideration of the minimum annual customer contribution to equitably cover the costs of the 
infrastructure as discussed above. 
 
 
Heat and Transportation 
 
Shifting total revenues between usage and base rates does not lower the costs of power for 
KMPUD customers. The annual cost stays the same, but the monthly costs will move making 
the minimum monthly payments higher. On an annual basis, a customer’s base rate payment is 
determined by multiplying the base rate times the customer’s EDU. The EDU is recalculated 
annually and is proportional to average residential customer usage. We currently have a 
volumetric base rate that is annually adjusted. 
 
If we can encourage customers to use electric heating instead of propane and electric vehicles 
instead of gasoline, this represents a cleaner, greener Kirkwood. In addition, the increase in 
overall electric consumption enables us to lower the overall rates since the annual fixed costs 
are spread across a larger base. This is true because we have the capacity to significant 
increase electric consumption without adding any fixed costs. Thus, encouraging new electric 
heat - especially on new construction - and more EV charging is both a financial and 
environmental benefit. However, to compete with propane and gasoline, the cost of power 
needs to be lower.  
 
To make electricity for heating and driving more competitive with propane and gasoline the 
District would need to have a lower base rate for those purposes. This would require a separate, 
sub-meter for heating and EV charging applications. Installing a separate sub-metered circuit 
can me a large enough expense that would discourage the customer. 
 
Additional Modeling 
 
There will be some additional modeling not directly related to determining the base rate. This 
includes (1) growth of rooftop solar in Kirkwood (especially by condos) and (2) existing revenues 
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from electric heat and EV charging that might be reduced if we implemented a reduced base 
rate and existing customers chose to add a sub-meter. 
 
For example with solar, the 6 large condos at Kirkwood consume about 1.33M kWh per year 
and pay a usage cost of about $870,000. Without a change in the base rate, if some 
combination of those buildings put on solar to generate 1/2 of their demand, the shortfall of 
$435,000 would have to be paid by everyone else. To keep the total revenue whole, usage 
rates would have to be increased by as much as $.07 to $.73 unless the solar customers paid 
for some of the shared infrastructure through the base rates. 
 
By law, the District is not obligated to accept solar power beyond 5% of peak demand and in 
fact too much power in the summer could exceed the small summer demand resulting in the 
grid being out of balance. Our infrastructure does not allow the District to send power to the grid, 
but rather we have to consume all power locally. In addition to considering the fair allocation of 
costs with solar customers, we also have to consider the limited amount of generation we can 
support. Should this limited capacity be based on a first-come, first-serve basis or would the 
community rather have some voluntary allocation of the limited resource? 
 
Regulator Limitations 
 
The District is not free to select any ratio of base rate and usage rate but rather is limited by 
both existing regulations and contractual obligations. 
 
Alternative Base Rate Design 
 
While this was not part of the original discussion, the Board may also wish to consider having 
our usage rate be the same as our avoided cost - i.e. 13 cents/kWh. This suggestion originated 
from a conversation with Severin Borenstein, Professor of Business Administration and Public 
Policy at the Haas School of Business and faculty director of the Energy Institute at Haas. 
Profession Borenstein is the leading expert in California on energy policy including utility rate 
design. The reasons to consider this object are: 
1. Electricity is the cleanest form of energy available in California and by pricing it at our actual 

cost for an incremental kWh, we remove all artificial price barriers from customers deciding to 
use electricity instead of propane or gasoline. 

2. This would eliminate the need for separate metering systems for electric heat and EV 
charging thus lowering the customer’s capital costs. 

3. This would eliminate all economic barriers to the use of electric heating and EV charging. It is 
very likely to encourage customer retrofits as well as positively impact new construction. 

 
For the usage rate to actually be 13 cents, it would mean our base rate would have to be a fixed 
rate and not recomputed every year base on usage. Profession Borenstein felt that a variable 
base rate creates confusion and that base rates should encompass our fixed costs so that our 
rate structure reflect the true economics of power. 
 
This would mean that our fixed costs would be allocated one time based on historic data and 
not be annually adjusted by usage. We currently cover our fixed cost when we sell the targeted 
amount of kWh. This is approximately 6.8 m kWh. If usage increased to 7.0 m kWh, that would 
not change anyone’s base rate. The additional 200,000 kWh are all incremental costs covered 
by the usage rate. 
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As the debt is payed down or new residential or commercial units are built, the fixed rate would 
be lowered. The portion of the fixed rate not related to debt service would rise with inflation and 
other cost increases. 
 
This objective would not change the annual cost of power for customers. It only changes the 
monthly billing billing as the fluctuation in usage by month would have a smaller effect on the 
monthly bill. 
 
Other Considerations from Finance Committee 
 
At the Feb 8 Finance Committee, the following details were suggested as part of the actual rate 
study: 
1. Model using the median rather than the average residential usage for the EDU 
2. Avoid the need to make another major change after this rate study 
3. Avoid the need for a reevaluation in the near future after this rate study 
4. Separate the debt service portion of the base rate so customers understand the sources of 

the high costs 
5. Identity if this rate change helps future development 
 
Other Considerations from Board Meeting 
 
1. A majority of the Board seemed interested in trying to achieve the 13 cent usage rate and a 

fixed base rate 
2. Examine the special cases and propose a base rate design that would handle: 

1. Mitigate the impact on existing solar customers. (One approach would be recognize 
that their actual usage needs to subtract the self-generated portion. This could be 
estimated as 25%). 

2. Customers with no usage (or nearly none) could be at a lower EDU 
3. Demonstrate the economic effectiveness of electric heat at 13 cents 
4. Understand any obligations for energy efficiency subsidies 
5. Verify 13 cent avoided cost calculation 
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executive summary
California has achieved notable success in 
decarbonizing its electricity supply, now getting 
over one-third of its power from renewable 
generation and nearly two-thirds from 
carbon-free sources. This makes it possible to 
decarbonize transportation and buildings by 
powering them with electricity from renewable 
resources. Yet while the state has done well to 
lay the groundwork for this transition, changes to 
how the state and its residents pay for electricity 
will be needed to ensure equitable outcomes as 
California pursues a carbon-neutral path.
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Electricity prices in California are high and rising. This 

poses a heavy burden for many of the state’s most eco-

nomically vulnerable households. It is also a headwind 

in the state’s efforts to combat climate change through 

electrifying transportation and buildings, which many 

see as critical steps to a low-carbon future.

The state’s three large investor-owned electric utilities 

(IOUs) recover substantial fixed costs through increased 

per-kilowatt hour (“volumetric”) prices. With nearly all fixed 

and sunk costs recovered through such volumetric prices, 

the price customers pay when they turn their lights on for 

an extra hour is now two to three times what it actually 

costs to provide that extra electricity—even when including 

the societal cost of pollution. This massive gap between 

retail price and marginal cost creates incentives that inef-

ficiently discourage electricity consumption, even though 

greater electrification will reduce pollution and greenhouse 

gas emissions. Changing the way that electricity is paid for 

can address this issue. 

This report takes stock of the current situation facing 

residential customers of California’s large electricity IOUs 

and describes pricing reforms that could improve economic 

efficiency, facilitate decarbonization, and improve overall 

equity. The analysis includes several findings that are perti-

nent to ongoing conversations about affordability, decar-

bonization, rooftop solar, and wildfire mitigation, including:.

• California IOUs’ prices are high, by both historical 

and national standards. a look at national data from 

the federal energy regulatory Commission (ferC) 

shows that the average price of residential electricity 

in California’s three large ious is out of line with the 

rest of the country. in the least expensive territory, 

southern California edison (sCe), residential prices 

per kilowatt hour are about 45 percent higher than 

the national average. Prices for Pacific Gas & elec-

tric (PG&e) are about 80 percent higher, and prices 

in san Diego Gas & electric (sDG&e) are roughly 

double the national average.

1 borenstein (2017) finds that for customers in PG&e territory, households in the top 40% of income were more than twice as likely to 
install solar Pv as households in the bottom 60%. using a different statistical approach and data through 2016, barbose et al (2018) 
find that the median income of California households installing solar Pv was more than 40% above the median income of households 
overall. The next stage of the current research project will update analysis of this income gap. borenstein available at: https://www.
journals.uchicago.edu/doi/abs/10.1086/691978. barbose et al available at: https://emp.lbl.gov/publications/income-trends-residen-
tial-pv-adopters

• These high prices are two to three times the cost 

of producing additional electricity. To reach this 

conclusion, this report analyzed the marginal cost of 

electricity—that is, the increase in cost incurred in 

order to deliver additional kilowatt-hours of elec-

tricity to an existing customer—and compared that 

cost to current rates. The authors found that the 

price of electricity ranged from double to triple the 

marginal cost in 2019. even low-income customers 

who receive a subsidized rate paid prices well above 

marginal cost. The misalignment between price and 

cost creates problematic incentives.

• High prices are driven in part by a shifting burden 

of fixed cost recovery. Currently, 66 to 77 per-

cent of the costs that California ious recover from 

ratepayers are associated with fixed costs of opera-

tion that do not change when a customer increases 

consumption.  This includes much of the costs of 

generation, transmission and distribution of electric-

ity, as well as subsidies for low-income household 

and public purpose programs, such as energy ef-

ficiency assistance. in addition, greater adoption of 

behind-the-meter (bTm) solar photovoltaic (Pv) pan-

els—which represented more than 15 percent of the 

residential electricity consumption across the PG&e, 

sCe, and sDG&e service territories in 2019—has dis-

proportionately shifted cost recovery onto non-solar 

customers adopters. 

• Lower- and average-income households bear a 

greater burden. These households are increasingly 

having to cover high fixed costs from a shrinking 

base as wealthier customers leave for rooftop solar. 

Higher-income households now consume only mod-

estly more electricity than lower-income households.1

• More equitable alternatives can be found and imple-

mented. The report authors detail a variety of potential 

approaches to ensure utility revenues can be kept 

stable without relying on the current regressive rate 

model as the state looks to increase electrification.
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• The report suggests the following alternatives for 

paying the cost of electricity in the state: 

 » Tax revenue: raising revenue from sales or income 

taxes would be much more progressive than the 

current system, ensuring that higher-income house-

holds pay a higher share of the costs. 

 » income-based fixed charge: a more politically fea-

sible option could be rate reform—moving utilities 

to an income-based fixed charge that would allow 

recovery of long-term capital costs, while ensuring 

all those who use the system contribute to it. To 

make a fixed charge equitable, it would be based on 

income. in this model, wealthier households would 

pay a higher monthly fee in line with their income.

 · The report offers several ways to structure an 

income-based fixed charge, based on three 

criteria: set prices as close to cost as possible; 

recover the full system cost; and distribute the 

burden of cost recovery fairly.

• Wildfire cost transparency. finally, the report identi-

fied the need for more transparent accounting of wild-

fire mitigation costs, as the authors could not obtain 

clear wildfire-related expenditure data. This is vital as 

wildfire mitigation costs are likely to be a major driver 

of price increases in the near future.2

More detail on these findings can be found below and in 

the body of the report.

Retail Prices Vs. Marginal Cost
The report’s estimate of the marginal cost of electricity 

includes not only the cost of generating additional electric-

ity, but also potential increases in costs for transmission and 

distribution capacity that scale with usage, as well as the 

potential need for additional generation capacity. The cost 

of greenhouse gas (GHG) emissions is also included, which 

is borne by society rather than the utilities to the extent 

that existing programs (e.g., cap and trade) only partially 

price this climate externality. There is no perfect way to cal-

culate all of these costs with the available data, so a variety 

of alternatives is presented in the Appendix. In all cases, 

the marginal cost is vastly lower than current rates.

2 balaraman, Kavya. “California ious plan to spend $11b on wildfire prevention in 2021 and 2022 after record-breaking fire season.” 
utility Dive. february 9, 2021. available at: https://www.utilitydive.com/news/california-ious-plan-to-spend-11b-on-wildfire-preven-
tion-in-2021-and-2022/594823/ 

The authors’ primary estimate of marginal cost for 2019 is 

shown in Figure ES-1, along with estimates of the average 

residential price of electricity for each IOU. The price of 

electricity is more than double the estimated marginal cost 

for SCE, and it is more than triple for PG&E and SDG&E. 

Over 25 percent of residential customers in California pay 

lower rates through the low-income program, California 

Alternative Rates for Energy (CARE), but report authors 

found that even CARE rates are substantially above margin-

al cost, as shown in the figure.

This finding is not a commentary on the appropriateness 

of overall costs. High total system costs in California may 

well be justified by conditions in the state. Rather, the im-

plication of this finding is that by recovering total system 

costs through high volumetric prices, California’s IOUs 

are now operating a pricing scheme that sends mislead-

ing signals about the true cost to society of consuming 

electricity. Pricing reform that aligns the volumetric price 

of energy with marginal cost would dramatically reduce 

prices, which has the potential to spur electrification of 

other sectors of the economy.

FIG ES-1 Residential Retail Prices Vs. Social 
                Marginal Cost ($/kWh) for 2019
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e. sCe sources: 67666-e: 67668-e. sDGe: 31811-e; 31501-e. Details on the 
methodology behind author calculations can be found in the appendix.
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FIG ES-2a-c Residential Price Decomposition ($/kWh) for 2019
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Components of California Electricity Rates
The components of California’s high electricity rates are 

unpacked in detail in this report and are summarized 

for each utility in Figure ES-2a-c, which breaks down the 

average volumetric price facing a residential customer on a 

standard rate. This figure decomposes costs into five main 

categories: generation, transmission, distribution, pollu-

tion and a residual category that combines public purpose 

programs and other costs. For generation, transmission and 

distribution, the costs are separated into the component 

that is part of marginal cost and the remaining costs that 

do not scale with usage. Details of each item’s calculation is 

included in the report. 

The marginal cost components are added up in the 

bottom staircase. Marginal cost is the combined height of 

the boxes representing the marginal costs of generation, 

transmission, distribution and greenhouse gas emissions 

that are associated with producing an additional unit of 

electricity. This is labeled here as the private marginal cost 

(PMC). Adding the unpriced portion of pollution damages 

resulting from electricity yields the social marginal cost 

(SMC). The other boxes represent additional system costs 

that do not scale with usage. These are all costs that are 

being recovered through high volumetric prices for stan-

dard rate customers, but they represent fixed costs that 

range from regular maintenance to wildfire mitigation to 

cross-subsidies for CARE customers and rooftop solar.

A few findings are apparent from the figure. First, the 

additional system costs are spread across several factors 

that, taken together, drive the high cost. In particular, costs 

associated with generation and distribution comprise a 

significant share of the cost recovery gap.

Second, as more and more households adopt behind-the-

meter (BTM) solar photovoltaic (PV) panels, cost recovery is 

disproportionately shifted onto the bills of solar non-adopt-

ers. In 2019, the report authors estimate that behind the 

meter residential solar production supplied more than 15 

percent of the residential electricity consumption across the 

PG&E, SCE, and SDG&E service territories. The fixed costs 

recovered via high volumetric electricity prices are shifted—

not avoided—when a residential customer installs rooftop 

solar. In other words, as residential solar adoption increases, 

system costs are being recovered from a shrinking base.

An additional finding of the report’s cost component 

analysis is that there is great need for a more transparent 

accounting of wildfire mitigation costs that could inform 

public debate. Despite going to considerable lengths in 

an attempt to delineate wildfire-related expenditures by 

separating them from other costs with publicly available 

data, it was not possible for the report authors to get clear 

numbers. In Figure ES-2-a-c, these costs are embedded 

primarily in transmission, distribution and other fixed costs. 

Wildfire mitigation costs are likely to be a major driver 

of price increases in the near future. Wildfire mitigation is 

a statewide priority that delivers benefits to households 

throughout all utility territories, regardless of the quan-

tity of electricity they consume, suggesting that perhaps 

some associated costs should be borne by the state at 

large. Transparent and consistent data about associated 

costs is essential to inform decision-making about how to 

pay for wildfire mitigation.

Improving Equitable Pricing of Electricity
A key finding of the report’s analysis is that the cur-

rent system of recovering system costs through high 

volumetric prices is not only inefficient; it is also far less 

equitable than viable alternatives. It imposes a relatively 

large burden on lower- and average-income households 

while it recovers a shrinking fraction of system costs 

from higher-income households because of the diffusion 

of rooftop solar.

The authors are in the process of constructing a de-

tailed assessment of how the burden of cost recovery is 

allocated across households in the current rate system, 

but that analysis involves customer billing data that was 

not obtained in time for this report. While a forthcoming 

Next 10-Energy Institute study will incorporate customer 

billing data, this initial report relied on survey data 

about household expenditures in California from the US 

Bureau of Labor Statistics, which are presented in Figure 

ES-3. Those data show that higher-income households 

spend only modestly more on electricity than lower-

income households, a much smaller differential relative 

to differences in incomes or expenditures on most other 

goods, including even gasoline.

Alternative Funding Mechanisms to Ensure an Equitable 

Electrification Transition

To address these inefficiencies and ensure a more equi-

table path toward greater electrification, the state could 

potentially support some measures, such as public pur-

pose programs or wildfire mitigation, directly through 

other tax revenue. Analysis of the survey data from 

the US Bureau of Labor Statistics (BLS) suggests that 
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using revenue raised from sales or income taxes would 

be much more progressive than the current scheme of 

covering residual costs above marginal cost by increas-

ing volumetric electricity prices. This is apparent in 

Figure ES-3, which shows that expenditures on goods 

subject to the sales tax rise much more steeply across 

the income distribution. Thus, raising electricity system 

revenue through the sales tax would recover far more of 

the costs from richer households than does the current 

scheme. The distribution of income rises even faster 

than do taxable expenditures—which means that paying 

for some system costs through additional revenue raised 

via the income tax in California would be even more 

progressive.

Recognizing potential political barriers to leverag-

ing state revenue to pay for electricity system costs, the 

report also considered ways of reforming the electricity 

system that could align prices with marginal cost with-

out imposing an additional burden on those least able 

to afford it. To that end, a final key finding is that an 

income-based fixed monthly connection charge could 

raise revenue to cover utility costs while maintaining a 

volumetric price that reflects marginal cost and improving 

equity outcomes. This fixed monthly charge would require 

income verification, but would ultimately help reduce vol-

umetric rates while providing stable revenue to utilities. 

The report concludes by discussing the possible structure 

of an income-based fixed charge, including some pos-

sible rate structures, as well as some of the logistical and 

equity considerations and trade-offs that would need to 

be weighed in order to implement such a scheme.

FIG ES-3 Average Expenditures and Income per  
                California Household by Income  
                Quintile Relative to Lowest Quintile

Income

All expenditures subject to sales tax

All expenditures except electricity

Gasoline expenditure

Electricity expenditure

In
co

m
e/

Ex
pe

nd
itu

re
 R

el
at

iv
e 

to
 1s

t I
nc

om
e 

Q
ui

nt
ile

Income Quintile

0

3

6

9

12

15

18

54321

source: authors’ calculations of data from the Consumer expenditure survey in 
2017-2018. source data at https://www.bls.gov/cex/2017/research/income-ca.htm

41



9inTroDuCTion    | NEXT 10

1. introduction
California has charted an ambitious course towards 
decarbonizing its economy. The state achieved 
its 2020 goal of reducing GHG emissions to 1990 
levels four years early. Notably, almost all of these 
emissions reductions have been achieved in the 
electricity sector. At the same time, California 
has among the highest electricity prices in the 
continental U.S. These two facts create a tension: 
decarbonizing the economy most likely requires 
electrification of transportation and space and 
water heating, but high prices push against such 
a transition. High prices also have troubling 
implications for equity and affordability. If the costs 
of decarbonizing the power sector are recovered 
through higher electricity prices, this could impose 
a large economic burden on low-income households 
amidst an increasingly unequal economy. This report 
discusses the causes and consequences of California’s 
high residential electricity prices, and it evaluates the 

merits of several potential remedies. 
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This study begins by asking why the residential electric-
ity prices charged by California’s investor-owned utilities 
(IOUs) are so high. First, the avoidable—or marginal—
cost of providing additional kilowatt-hours (kWh) of 
electricity to a residential customer are identified. This 
is a necessary first step because, to the extent that high 
electricity prices actually reflect high incremental costs 
of generating and delivering electricity, high prices 
are economically efficient. If that is the case, then high 
prices are still problematic, but they can only be ad-
dressed in an economically- efficient manner by policies 
that lower marginal costs. 

Instead, the authors find that residential electricity 
prices of California’s IOUs are two to three times higher 
than social marginal costs (SMC), that is, marginal cost 
inclusive of environmental externalities. Marginal cost 
estimates from this study are consistent with prior work, 
such as analysis commissioned by the California Public 
Utilities Commission and other recent studies.3 This 
conclusion is based on building an estimate of the social 
marginal cost of electricity that accounts for the direct 
cost of additional generation, the social cost of associat-
ed pollution, line losses from transporting the electricity, 
and appropriate capacity costs in generation, transmis-
sion and distribution that might change with demand. 
Section 3 provides a detailed discussion of the marginal 
cost estimates.

If a utility charges a retail electricity price equal to 
social marginal cost, this sends an economically-efficient 
price signal to consumers, but it would probably not col-
lect enough revenue to cover all of the costs of the grid, 
as well as other priorities that are currently supported via 
volumetric (i.e., per-kWh) rates. The cost recovery gap is 
defined here as the difference between a utility’s current 
revenue and the revenue it would collect if it instead 
charged the economically-efficient social marginal cost 
for the same quantity. This study estimates that gap and 
then decomposes it into a set of factors that increase the 
utilities’ revenue requirements.

Broadly, these factors can be divided into three 
classes. One class includes costs that are currently 
funded through rates but are not required to serve cur-
rent load. Energy efficiency programs are an example, 

3 Borenstein, S. and Bushnell, J. “Do Two Electricity Pricing Wrongs Make a Right? Cost Recovery, Externalities, and Efficiency.” Energy 
Institute at Hass. July 2019. Available at: https://haas.berkeley.edu/wp-content/uploads/WP294.pdf. Detailed documentation of CPUC 
commissioned estimates of the avoided costs of distributed energy resources can be found at: https://www.ethree.com/public pro-
ceedings/energy-efficiency-calculator/

as are funds that support new low-carbon technologies. 
A second class includes costs that are necessary for the 
maintenance of the grid but would not change if de-
mand from current customers increased or decreased 
over a substantial range. An example is the maintenance 
of existing transmission lines. A third class includes 
cross-subsidies among rate payers. These include incen-
tives for rooftop solar and rate discounts for low-income 
customers provided via the California Alternative Rates 
for Energy (CARE) Program.

The authors conclude that California’s residential en-
ergy prices are high not because of any one factor, but 
because of the cumulative effect of many of these cost 
drivers. That said, some factors are larger than others. 
The role of energy efficiency programs and the Renew-
ables Portfolio Standard (RPS) has waned in recent years, 
whereas the impact of rooftop solar subsidies is large 
and rapidly growing. The majority of the cost recovery 
gap is related to recovering fixed costs for the grid, 
which are projected to grow further as a result of wildfire 
mitigation and other factors. Details of the calculations 
for recent years are in Section 5.

Who bears the burden of fixed cost recovery under 
the current rate design? A detailed analysis of how costs 
are allocated across households requires utility billing 
data, which the authors of this report are in the process 
of acquiring, in anonymized form. For this initial report, 
however, the authors present preliminary analysis using 
the Consumer Expenditure Survey from the US Bureau 
of Labor Statistics. That analysis suggests that the cur-
rent approach to cost recovery by increasing volumetric 
rates—essentially a volumetric tax—is quite regressive. 

Unfortunately, the state budget is under considerable 
pressure, which makes it less likely that costs can be 
moved from electricity rates to the general fund. There-
fore, this report explores an alternative that keeps cost 
recovery within electricity rates, but reduces regressiv-
ity. The starting point is to introduce a substantial fixed 
charge that would enable the utilities to lower volumetric 
prices towards avoidable cost. This would enhance eco-
nomic efficiency and foster greater electrification, while 
keeping utility revenue stable.
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The primary objection to fixed charges is that they tend 

to be regressive. A move to uniform fixed charges that 

apply equally to all households would likely exacerbate 

the inequities in the current system. Instead, this report 

proposes a system of fixed charges that are based on 

a sliding scale of income, so that lower-income house-

holds pay a lower monthly connection fee. In terms of 

administration, it may not be advisable for the utilities 

themselves to determine the income of households, 

and so instead the authors propose that this system be 

implemented in coordination with the state’s income tax 

authority, the Franchise Tax Board. Coordination be-

tween the utilities and the state could come in a variety 

of forms. Discussion of the strengths and weaknesses of 

several versions of this idea, as well as several potential 

rate structures, are in Section 7.

This report is a preliminary analysis in an ongoing re-

search program. Going forward, the report authors plan 

to use anonymized customer billing records to character-

ize in much more detail the distributional burden of the 

current model of cost recovery and these alternatives. The 

potential impact of high volumetric rates on the goals of 

decarbonizing residential buildings and personal transpor-

tation will also be analyzed as part of a follow-on study to 

be released later this year.
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2. California’s rates are 
among the Highest in 
the Country
This report’s analysis begins with an overview of 
California’s residential retail prices. Figure 1 displays 
the average residential electricity price for the three 
California IOUs and a box-and-whiskers plot of the 
distribution of average residential electricity prices 
across US utilities, based on data from the Federal 
Energy Regulatory Commission (FERC). For each year, 
the solid horizontal line shows the national average 
(median) price (weighted across utilities by load), and 
the box traces the 25th to 75th percentiles. The lines 
(whiskers) extending from the box show the 5th and 
95th percentiles. These data reveal that SDG&E and 
PG&E rates are now among the top few percentile of all 
residential rates in the country. SDG&E’s rates are double 
the national median. SCE's rates are lower, but still about 
45 percent above the national median. 
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Figure 1 presents the overall average residential rates, 
including those on low-income rates (CARE). In 2019, 
over a quarter of California IOU customers were en-
rolled in the CARE program.4 When CARE customers are 
removed, average rates for non-CARE households are 
about 10 percent higher.

4 IOU annual reports on low income assistance programs indicate the share of residential customers that are presumptively eligible for 
CARE is in the range of 26-28%. All three utilities report very high (90-96%) CARE participation among eligible households.

FIG 1 Average Residential Price ($/kWh) by Year for Major U.S. Utilities
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3. Why Does 
efficient electricity 
Pricing matter?
A fundamental economic principle of efficient 
pricing is that the prices consumers face should 
reflect the marginal cost of supply in a good or 
service. Adhering to this principle maximizes 
welfare insofar as it allows consumers to efficiently 
trade off consumption benefits and production 
costs. In the context of electricity, marginal cost is 
often referred to as incremental cost or avoidable 
cost, based on the notion that it also represents 
the cost that can be avoided if one fewer unit of 
electricity is consumed.
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The concept of marginal cost depends on the time 
horizon being considered and the question being ad-
dressed. For example, at a moment in time when a sys-
tem has excess power and is curtailing wind generation, 
the marginal cost of supply is effectively zero, because 
curtailing a little less wind power and instead deliver-
ing it to a customer would be virtually costless. But over 
the longer run, if wind generation would have to be 
expanded to meet a higher level of long-run demand, 
the marginal cost would include the cost of the wind 
turbine hardware. If additional demand in some hours 
of a year would require additional generation, transmis-
sion or distribution capacity, then the marginal cost of 
accommodating that additional demand would include 
the capacity investment cost that could otherwise be 
avoided or deferred. To the extent that there are many 
hours over the year in which the additional capacity may 
be utilized, then it is appropriate to allocate the cost of 
the additional capacity over those hours.

Societal, or social, marginal cost (SMC) includes not 
just costs borne by the producer, but also any external 
costs that are imposed in the production or consumption 
of the good. In the case of electricity production, the 
most notable externalities are the environmental impacts 
of pollution that are not fully reflected in electricity mar-
ket prices. Explanation of how private marginal operat-
ing costs, private marginal capacity costs, and emissions-
related external marginal costs were estimated is below 
and in the Appendix.

If the incremental, or “volumetric,” price is set higher 
than SMC, then it will discourage usage of the good in 
some cases where it creates more value than it imposes 
costs. For instance, if a consumer would get $10 of value 
from consuming an additional unit of a good, and doing 
so would create an additional $5 in cost to the producer 
and an additional $2 in pollution externality costs, then 
this unit of consumption still creates $3 in net additional 
value ($10-$5-$2). However, if the volumetric price of the 

5 Note that a rational, well-informed consumer will make consumption decisions based on the incremental price, ignoring any costs 
to them that do not change with their consumption at that time. So, a fixed monthly charge would not affect their incremental (or 
“marginal”) consumption decision. A demand charge on their peak consumption is non-marginal during most hours of the year, but 
could greatly increase the customer’s expected incremental price if their consumption is nearly at their annual peak. There is some 
controversy about the extent to which electricity consumers act in a way that is as precisely rational as this discussion suggests. Ito 
2014 finds that residential customers faced with increasing-block pricing seem to respond to the average price they face across the 
increasing- block price schedule rather than the marginal price. But recent work, such as Ito and Shuang 2020, suggests that custom-
ers don’t make such errors when faced with a fixed charge. Ito and Shuang 2020 available at: https://www.nber.org/papers/w26853

6 Borenstein, S. and Bushnell, J. “Do Two Electricity Pricing Wrongs Make a Right? Cost Recovery, Externalities, and Efficiency.” Energy 
Institute at Hass. July 2019. Available at: https://haas.berkeley.edu/wp-content/uploads/WP294.pdf

good is set, for instance, at $11, then the consumer will 
choose not to purchase it, because the price is greater 
than the value that the consumer would get.5 That failure 
to purchase the good means that the $3 in value is lost. 
Such “deadweight loss” from under-consumption is 
avoided if the price of the good is set equal to its SMC—
in this case $7.

Similarly, for the same good, if the price were set at 
$5, then it would encourage use of the good even in 
cases where it creates less value than the cost it im-
poses. In that case, for instance, if there were a customer 
who valued the good at $5.50, that person would buy 
the good, but this would lower value in the economy by 
$1.50, the difference between the customer’s value of 
the good and the SMC of supplying it. Thus, this transac-
tion would create $1.50 in deadweight loss from over-
consumption.

These hypothetical examples have very tangible appli-
cations in electricity pricing. Previous research suggests 
nearly all of California is pricing electricity well above its 
SMC, as is much of the Northeast, though to a some-
what lesser extent.6 Many parts of the coal-reliant upper 
Midwest, however, are pricing well below their SMC, 
which is quite high due to the pollution from burning 
coal. In California, over-pricing electricity will inefficiently 
discourage some households from considering electrifi-
cation of space heating, water heating, clothes drying, 
vehicle transportation and other services that can switch 
between energy sources. In regions that are underpric-
ing electricity compared to SMC, there is too little incen-
tive to adopt energy efficiency improvements that would 
maximize economic value creation.

One might ask whether this problem of over-pricing 
compared to SMC isn’t ubiquitous in the economy, and 
why it should be more of a concern in electricity than 
elsewhere. It is true that many branded consumer goods 
are priced above their SMC, but that is less commonly 
the case with generic commodities, such as energy and 
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agricultural products. Furthermore, with many branded 

consumer goods—from new cars to airline tickets to 

groceries—price discrimination (charging different prices 

across customers even though the cost of supplying 

is the same) is a deeply ingrained part of the market. 

That discrimination is generally intended to pull in the 

customers with a lower value of the good while extract-

ing high prices from those with a higher valuation. This 

practice exists to some extent in residential electricity 

pricing with prices that vary depending on the use of the 

electricity—such as special lower rates for EV charging. 

With the need for separate wiring, metering and bill-

ing, however, such market segmentation is costly and 

cumbersome. Moreover, it requires regulators to make 

price-setting decisions based not just on cost, but also 

on demand factors—a topic on which there is likely to be 

widely divergent views. 

49



17WHaT is THe marGinal CosT of eleCTriCiTy ConsumPTion in California?    | NEXT 10

4. What is the 
marginal Cost 
of electricity 
Consumption 
in California?
To calculate the marginal cost of electricity 
consumption, an accounting tool used by the 
California Public Utility Commission—called 
the Avoided Cost Calculator (ACC)—was 
the point of departure. The ACC is an open-
access, spreadsheet-based model developed 
by Energy and Environmental Economics, Inc 
(E3).7 This calculator uses publicly available 
data to generate hourly forecasts of the 
costs that a utility would avoid—on both the 
operating and capacity investment margin—
if demand were incrementally reduced. 
Whereas the E3 tool is designed to forecast 
the long-term cost implications of future 
electricity demand growth, the analysis of 
this report is more retrospective. To suit this 
application, several modifications were made 
to the E3 ACC methodology. 

The estimated marginal costs are comprised 
of eight components: marginal energy 
costs; line losses; GHG compliance costs; 
external emissions costs; ancillary services; 
marginal generation capacity costs; marginal 
transmission capacity costs; and marginal 
distribution capacity costs. Figure 2a-c 
shows the relative importance of these cost 
component estimates for the three IOUs. 
The methodology and underlying estimating 
equations follow, and additional details are 
reported in the Appendix.

50



18WHaT is THe marGinal CosT of eleCTriCiTy ConsumPTion in California?    | NEXT 10

FIG 2a-c Annual Social Marginal Cost Estimates ($/kWh)
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4.1 Marginal Operating Costs7

The first marginal cost component captures variable 
electricity generation costs by collecting hourly, day-
ahead wholesale electricity prices for the default load 
aggregation points (DLAPS) associated with each of the 
three IOUs, respectively.8  These locational marginal 
prices (LMPs) reflect not only the per-kWh fuel and 
variable operations and maintenance (O&M) costs at a 
given location, but also the costs of purchasing GHG 
permits to offset emissions, congestion related costs, 
and electricity losses due to long-distance transport.

The first task is to isolate the component of these pric-
es that reflect the marginal cost of electricity generation. 
Using i to index the IOU territory and t to index hours of 
the year, the marginal energy cost MECit is defined as:

Equation 1 subtracts the GHG compliance costs 
incurred by the marginal producer from the LMP. To esti-
mate this per-kWh compliance cost, the prevailing GHG 
permit price, , is multiplied by the GHG emissions rate 
(measured in tons of CO2/kWh) of the marginal genera-
tor.9  Assuming that the marginal unit is a natural gas 
plant, the marginal operating emissions rate (MOERit ) 
can be defined as:

7 The Commission approved the first ACC in 2005 with Decision (D.) 05-04-24. Subsequent updates and reviews are available at https://
www.ethree.com/public proceedings/energy-efficiency-calculator.

8 For each node, CAISO calculates a load distribution factor. These are used to construct load-weighted average prices for each utility. 
These data were downloaded from SNL Financial. This is a proprietary source of financial data and market intelligence that includes a 
convenient centralized database of publicly available LMP data.

9 To calibrate the GHG permit prices, we use quarterly GHG permit auction prices. These prices can be found at: https://ww2.arb.
ca.gov/sites/default/files/2020-08/results_summary.pdf

10 This emission factor does not include emissions associated with the extraction and delivery of natural gas. These upstream emissions 
tend to be region-specific and are hard to estimate generically. Further details are available at: https://www.eia.gov/environment/
emissions/co2_vol_mass.php

11 To calibrate variable O&M costs, we use the estimates provided in the E3 ACC. These costs are small (on the order of $0.6 per MWh). 
Natural gas prices are calibrated using IOU-specific volume-weighted average prices. For PG&E, monthly average prices are volume-
weighted across northern California hubs. For SCE and SDG&E, prices are volume-weighted across Southern California hubs.

12 To be precise, one should account for transmission losses in deriving the heat rate of the marginal producer from LMPs. We do not 
make further adjustments, however, because transmission losses are so small and we have no data on variation in the transmission 
losses of the marginal producer.

13 Borenstein, S. and Bushnell, J. “Do Two Electricity Pricing Wrongs Make a Right? Cost Recovery, Externalities, and Efficiency.” Energy 
Institute at Hass. July 2019. Available at: https://haas.berkeley.edu/wp-content/uploads/WP294.pdf

where HeatRateit measures the fuel efficiency (in 
MMBtu/kWh) of electricity generation for the marginal 
producer in region i and hour t. Multiplying by the car-
bon intensity of natural gas (0.05307 metric tons/MMB-
tu) yields an estimate of the GHG intensity of electricity 
production.10

To estimate the marginal heat rate in Equation 2, it 
is further assumed that the LMP accurately reflects the 
variable operating costs of marginal producers (i.e., fuel 
costs plus non-fuel costs (NFC) of variable O&M and 
GHG compliance costs).11 Invoking this assumption, the 
marginal heat rate is:

When power is transferred from electricity producers 
to residential consumers, losses accrue due to physical 
resistance in the transmission and distribution system. 
Transmission losses are quite small (typically 1-2%) and 
are reflected in LMPs.12 Losses on the lower-voltage 
distribution systems are substantially greater per kWh 
and increase with flow on the line.13 These losses must 
be accounted for when estimating the marginal cost 
of serving residential customers. The Borenstein and 
Bushnell study cited above estimates average annual 
residential distribution losses at the distribution com-
pany level and then derive marginal losses from an en-
gineering relationship. Equation 1 uses these marginal 
loss factors LFit to scale variable operating costs. This 

MOERit = HeatRateit · 0.05307,

HeatRateit =           
(LMPit – NFC)

(GasPriceit + 0.05307 * τt)
MECit = (LMPit – τt · MOERit)

1( )1 – LFit
GHG Costs

Loss adjustment

(1)

(2)

(3)
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approximately accounts for the costs associated with 

distribution system losses.

In sum, Equations 1, 2, and 3 calibrate three cost com-

ponents: marginal energy costs, GHG compliance costs, 

and distribution system losses. Figure 2a-c plots load-

weighted annual average measures of these marginal 

cost components. Of these, marginal energy costs are 

the most economically significant, comprising 30 to 40 

percent of social marginal costs. As of 2019, GHG com-

pliance costs comprise seven to nine percent of private 

marginal costs. Estimated losses increase marginal costs 

by 10 to 12 percent.

4.2 Ancillary services
Ancillary services (AS) are procured day-ahead, largely 

on the basis of total load forecast. Reducing load will 

generally reduce the amount of ancillary services that 

must be procured to meet system operating protocols. 

To estimate this marginal cost, the average ancillary ser-

vice costs reported annually by CAISO were utilized.14 

On a per-kWh basis, these AS costs are small. They are 

barely visible in Figure 2a-c.

4.3 GHG externality costs
From the inception of the California cap and trade mar-

ket, in 2013, through 2019, GHG permit prices in quarter-

ly allowance auctions ranged from $12-$17/metric ton.15 

These allowance prices fall below standard estimates of 

the social cost of carbon (SCC).16 To account for GHG 

costs that are not captured by GHG permit prices, the 

authors define a residual GHG cost component:

Primary cost estimates assume a SCC of $50/ton. Under 

this assumption, current GHG permit prices reflect up 

to 34 percent of the true social cost of GHG emissions. 

Figures 2a-c show how accounting for this GHG ex-

14 These as costs are taken from Caiso’s annual report on market issues and Performance.

15 “California Cap-and-Trade Program: summary of California-Quebec Joint auction settlement Prices.” California air resources board. 
november 2020. available at: https://ww2.arb.ca.gov/sites/default/files/2020-08/results_summary.pdf

16 following the 2016 Technical update of the social Cost of Carbon for regulatory impact analysis produced by the interagency Work-
ing Group on social Cost of Greenhouse Gases, we assume that the sCC is $50/ton. in the appendix, we also consider a case with sCC 
equal to $100/ton.

ternality has an economically significant effect on our 

marginal cost estimates.

4.4 Marginal capacity costs
Thus far, this report has focused exclusively on the vari-

able operating costs (private and social) associated with 

serving residential electricity demand. Next, the invest-

ment margin is considered. In principle, if peak demand 

for electricity in a utility service territory is reduced, some 

transmission projects, distribution system upgrades, and/

or generation capacity investments could be deferred or 

avoided. In practice, the ability to defer these investments 

will depend on a number of factors, such as the location 

and timing of peak demand reductions.

Annualized cost impacts of incremental reductions in 

peak load on generation, distribution, and transmission 

capacity investments are discussed first—followed by an 

explanation of how these annualized costs are allocated 

across hours.

4.4.1 Marginal transmission capacity cost  
         (MTCC):
The IOUs coordinate with the California Independent 

System Operator (CAISO) to plan transmission system 

investments. If peak load is reduced prior to a project 

implementation date, a planned transmission project 

that is driven by anticipated increases in demand—ver-

sus regulatory, safety, contractual, efficiency or other 

reasons—could be deferred.

The E3 ACC tool uses data from general rate cases, 

and data provided by the IOUs, to identify deferrable 

transmission investments. These utility-specific mar-

ginal capacity costs are measured in terms of dollars 

per kilowatt-year. The primary estimates of this report 

incorporate these E3 cost estimates directly. For each 

IOU, the reported deferrable transmission costs are 

averaged across the ten-year period considered. Some 

stakeholders have challenged the idea that any transmis-

GHGit = (SCC – τt ) · MOERit

(4)
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sion investments are driven by load peak-load growth.17 
In the Appendix, alternative estimates which set MTCC 
component to zero are reported.

4.4.2 Marginal distribution capacity costs  
          (MGCC):
The costs of operating, maintaining and replacing 
distribution equipment, once installed, are generally 
independent of electricity consumption levels. However, 
there are some types of distribution system invest-
ments that can be sensitive to rates of demand growth 
for a given set of customers. For example, distribution 
reinforcement investments provide capacity to meet 
demand growth on the existing system.

The E3 Avoided Cost Calculator leverages information 
reported in general rate cases to estimate the value of 
deferring or avoiding investments in distribution infra-
structure through reductions in distribution peak capaci-
ty needs. These annualized costs, averaged across years, 
are used to construct this report’s primary estimates 
of IOU-specific marginal distribution capacity costs. 
However, it should be noted that several stakehold-
ers have challenged the idea that peak load reductions 
could defer distribution upgrades. Recognizing that 
these primary estimates may over-estimate distribution 
investment costs that are truly avoidable, the Appendix 
also reports marginal cost estimates that set the MDCC 
component to zero.

4.4.3 Marginal generation capacity costs    
         (MGCC):
When peak demand is forecast to increase, or new 
generation capacity will be needed to replace retire-
ments, the marginal generation cost captures the cost 
of procuring and operating new generation capacity 
(measured in terms of dollars per kilowatt-year). E3 
ACC calculations use the levelized capital cost of a new 
simple cycle combustion turbine generating unit net of 
profits earned in energy and ancillary service markets to 
estimate marginal generation capacity costs.

17 See for example, the Order Instituting Rulemaking to Create a Consistent Regulatory Framework for the Guidance, Planning and 
Evaluation of Integrated Distributed Energy Resources. Rulemaking 14-10-003, April 24, 2020.

18 PG&E has calculated a Net Present Value (NPV) sum of the six years of MGCCs and then converted this NPV to a levelized value. 
PG&E used its after-tax Weighted Average Cost of Capital (WACC) of 7.0 percent. The estimated net costs of capacity: $30.23/kW-
year, $29.62/kW-yr, $28.53/kW-yr, $27.63/kW-yr, $27.70/kW-yr and $27.42/kW-yr for 2017 through 2022, respectively.

In time periods when peak demand is not forecast to 
increase, the MGCC captures the going- forward fixed 
cost of operating existing generation resources net of 
energy gross margins earned in the energy and ancillary 
services markets. In GRC proceedings, reported costs 
capture the fixed O&M, insurance, and property tax 
costs incurred to keep marginal generation operating. 
Noting that peak load has been declining over time, the 
generation capacity costs assumed here are based on 
resource adequacy cost estimates. The primary marginal 
cost estimates assume an MGCC of $30/kW-year.18

4.4.4 Hourly allocation of capacity costs:
To construct hourly marginal cost estimates, deferrable 
capacity costs must be allocated across hours of the 
year. Intuitively, these costs should be allocated to the 
hours when demand is likely to be highest. Historical 
load data is used to summarize systematic variation in 
hourly IOU load over the period of 2005 to 2019. The 
objective is to identify the hours in which electricity de-
mand is likely to be highest, and then allocate capacity 
costs proportionally.

Hourly load is regressed in L h,d,m,y (where h is hour, 
d is day, m is month, and y is year) regressed on hour-of-
day-by-month fixed effects, day-of-week fixed effects, 
and a set of holiday indicators:

The regression residual h,d,m,ʮ captures variation in real-
ized load that cannot be captured by our suite of fixed 
effects.

To predict hourly electricity demand in year y, Equation 
5 is estimated using data from the five years prior. Hourly 
load is then estimated within the year and these hourly 
load estimates are ranked in descending order. Load 
in the 501st hour defines a threshold Ty. All hours with 
predicted load below this threshold receive a weight of 
zero. Non-zero allocation factors for hours that exceed 

Lh,d,m,ʮ = αh,d,m + λd + ΣδholDj,ʮ  + ԑh,d,m,ʮ

(5)
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this threshold are defined as:
  Marginal capacity costs (for transmission, distribution, 
and generation) are allocated across hours of a year on 
the basis of these weights. Intuitively, for hours in the 

top 500 each year, marginal capacity costs are allocated 
in proportion to the difference between an hour’s load 
and the threshold load level from the 501st hour. Thus, 
for instance, the 499th highest load hour would likely 
get almost no capacity costs allocation, because the 
load in that hour is probably nearly the same as the load 
in the 501st hour.

Figure 2a-c illustrates the magnitude of these marginal 
capacity cost components (expressed in terms of aver-
age cost per kWh) relative to other cost drivers. Distribu-
tion and transmission costs vary with the size of defer-
rable investments reported in general rate cases. Across 
all three utilities, the marginal distribution investment 
cost component is the largest of the capacity-related 
cost components.

19 The retail price data for Figure 3a-c are created by taking the total residential revenue from FERC Form 1 and solving for the im-
plied CARE and non-CARE prices based on the share of kWh sold to CARE customers and the average CARE discount. The resulting 
standard rate is 1 to 2 cents lower than the rates shown in Figure 4a-c, which is mostly due to the FERC form 1 data including the 
California Climate Credit while the bill component figures on which Figure 4a-c are based do not.

4.5 The widening cost recovery gap
Figure 3a-c illustrates the significant gaps between so-
cial marginal cost and average retail prices for custom-
ers of all three utilities who are on not on a low-income 
rate. For PG&E and SDG&E, this gap has grown sub-
stantially over time. The SDG&E picture is particularly 
striking. In 2019, the average non-CARE retail price was 
more than three times the estimated social marginal 
cost. Note that the SMC captures not only the private 
marginal costs incurred by the utility, but also the full 
social cost of GHG emissions (evaluated at $50/ton 
CO2). For both SDG&E and PG&E, the gap between 
subsidized CARE rates and social marginal cost also has 
been widening over time.19 

wtʮ =    
Ltʮ– Tʮ

Σ(Ltʮ– Tʮ)

(6)
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FIG 3a-c Retail Price Vs. Social Marginal Cost ($/kWh)
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5. What factors 
create the cost 
recovery gap?
This section examines why California’s 
residential electricity prices are so much 
higher than marginal cost. In large part, this 
is due to costs that do not change with the 
volume of electricity sold to a customer, but 
are still recovered through volumetric prices. 
These include the above-market costs of past 
purchases of renewable electricity and other 
mandated technologies, the fixed costs of 
transmission and distribution (including wildfire 
prevention and compensation), and energy 
efficiency programs and other public purpose 
expenditures. The electricity price needed to 
cover the gap, however, also is increased if 
some customers are able to purchase electricity 
at a discounted price or the total volume of 
electricity sold declines. This analysis finds that 
all of these factors play a role in driving up 
residential electricity prices.
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Figure 4a-c illustrates both the components of so-

cial marginal cost (on the lower “staircase”), and the 

components of the gap between SMC and the average 

residential retail price for non-CARE customers (on the 

upper staircase). The left-most column presents the 

marginal costs associated with generation in the lower 

red box and the non-marginal costs associated with 

generation in the upper red box, and likewise in the 

other columns for transmission, distribution, greenhouse 

gas emissions, and a final column for public purpose 

programs and other expenses, virtually all of which are 

non-marginal.20 The box heights in the lower staircase 

are load-weighted averages over time; both private and 

externality marginal costs can vary substantially hour to 

hour. The box heights on the upper staircase, however, 

are simply a total cost figure divided by quantity. These 

costs are not associated with supply in any particular 

hour.21

For the generation, transmission, and distribution 

columns, Figure 4a-c is constructed by starting from the 

residential bill components under the standard residen-

tial rate for each category. The cost is then decomposed 

between marginal cost (lower staircase) and residual cost 

recovery (upper staircase) by subtracting off the relevant 

marginal cost components shown in Figure 2a-c. The 

residual cost component is then adjusted further due to 

the existence of CARE and BTM solar, as described in 

the subsequent paragraphs. The pollution column shows 

the cap and trade liability for the marginal kWh and the 

additional externality cost above the emitter’s cap and 

trade liability. Note that the cost of the additional exter-

nality is not borne by the producer, so is not part of the 

private marginal cost explained in this figure. Thus, the 

bottom of the next column begins at the top of the cap 

and trade box, not at the top of the non-market GHGs 

box. The pollution column is the end of the marginal 

cost components. Total private marginal cost is the top 

20 figure 4a-c does not include costs of other pollutants that are associated with supplying electricity. in our continuing research, we 
are working to include costs of these pollutants. borenstein and bushnell, 2019, however, suggest that in California by far the largest 
negative air pollution externality associated with electricity supply is the emissions of greenhouse gases.

21 The Care and bTm Pv total costs are affected by the particular hours in which Care customers and customers with bTm Pv consume 
electricity, but are not associated with supply to most standard-rate customers.

22 2018 Total system electric Generation. California energy Commission. 2019. available at: https://www.energy.ca.gov/ data-reports/
energy-almanac/california-electricity-data/2019-total-system-electric-generation.

23 The CPuC is required to report annually to the state legislature on the progress of electricity retail sellers in meeting their rPs goals 
and substantive actions taken to achieve those goals. Two reports that are required annually have information on 1) rPs program 
costs and 2) progress and status of the rPs program. Past reports to the legislature are available at: https://www.cpuc.ca.gov/rPs 
reports Data.

of the cap and trade box and total social marginal cost is 

the top of the non-market GHGs box. The costs repre-

sented in the right-hand column are not marginal in that 

they do not change with the consumption of the house-

hold paying the bill.

5.1 Generation
Figure 4a-c shows generation costs both as part of 

marginal cost on the lower staircase and as significant 

residual costs on the upper staircase. The energy costs, 

as explained above, are based on wholesale electric-

ity prices, adjusted upward to reflect distribution line 

losses.

California’s high electricity prices have occasionally 

been attributed to its aggressive adoption of renewable 

generation under the Renewables Portfolio Standard 

(RPS) program. In 2019, all electricity retail sellers had an 

annual target to serve at least 29 percent of their electric 

load with RPS-eligible resources. Under this RPS, utility-

scale solar and wind generation capacity had reached al-

most 12,000 MW and 6,000 MW, respectively, by 2018.22

To the extent that qualifying renewable resources are 

more expensive, the RPS mandate will increase the cost 

of electricity generation. The CPUC tracks RPS and non-

RPS procurement expenditures in terms of $/kWh and 

annual RPS revenue requirements.23 RPS procurement 

costs have fallen at a rate of 13 percent per year be-

tween 2007 and 2019. In 2019, the average RPS energy 

contract price across all technology types was $28/MWh. 

As renewable energy technology costs have fallen, so 

has the above-market premium for renewable energy 

generation. The average difference in RPS versus non-

RPS procurement costs reported by the large investor-

owned utilities had dropped to $0.0028/kWh in 2019 

(CPUC, 2020).
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FIG 4a-c Residential Price Decomposition ($/kWh) for 2019
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Dividing the utility-specific RPS revenue requirements 

by the corresponding RPS procurement cost (per kWh) 

yields an estimate of the quantity of electricity procured 

to comply with the RPS mandate. This quantity was then 

multiplied by the reported RPS cost premium to estimate 

the additional generation costs incurred to meet RPS 

obligations. Assuming that 40 percent of RPS compli-

ance costs are recovered from residential customers, the 

impact of the RPS mandate on residential retail prices 

(in terms of $/kWh) can be estimated.24 On a per kWh 

basis, these residential rate impacts of RPS compliance 

are small. In 2019, SDG&E paid no price premium for 

RPS-eligible procurement. The authors estimate average 

residential rate impacts per kWh of $0.006 and $0.0001 

for PG&E and SCE, respectively. These cost differences 

for renewables comprise a very small part of the genera-

tion component of the upper staircase in Figure 4a-c.  

The large “Generation Fixed Costs” boxes for all three 

utilities represent contracts and utility-owned generation 

at costs well above 2019 market prices for all types of 

generation.

5.2 Transmission and distribution
For all three utilities, fixed costs of transmission and 

distribution (T&D) comprise more than half of the total 

fixed costs that are recovered in standard rates, before 

accounting for the cost shifts from CARE and behind-

the-meter solar PV. These fixed costs include amorti-

zation and return on capital for investments in T&D. 

They also include all of the operation and maintenance 

expenditures for transmission and distribution that must 

be done to keep the lines in-service, including vegeta-

tion management. These are not rate-based capital 

investments, but they are nonetheless fixed costs in that 

they do not vary with the amount of electricity a house-

hold uses.

As mentioned earlier, while some amount of these 

costs are a result of wildfire risks and past damages, the 

report authors have not been able to access the data 

necessary to determine how much. Fixed cost due to 

24 The CPuC is required to report annually to the state legislature on the progress of electricity retail sellers in meeting their rPs goals 
and substantive actions taken to achieve those goals. Two reports that are required annually have information on 1) rPs program 
costs and 2) progress and status of the rPs program. Past reports to the legislature are available at: https://www.cpuc.ca.gov/rPs 
reports Data.

25 California Distributed Generation statistics. California solar initiative (Csi) available at: https://www.californiadgstats.ca.gov/

26 under nem2.0, which began in 2017, owners of rooftop solar now pay a small amount to cover their share of public purpose pro-
grams and a couple of other small charges, totaling about 2.5 cents per kWh.

wildfires include additional vegetation management, 

technology that monitors for wildfires near power lines, 

technology to detect line faults and shut off power 

before the line starts a fire, patrolling power lines during 

high fire risk periods, relocation of power lines, early 

replacement of lines and towers to reduce fire risk, and 

compensation for fire damage for which the CPUC de-

termines ratepayers will contribute.

5.3 Energy efficiency and other public 
      purpose programs
The lowest box in the right-hand column of Figure 4a-c 

represents all payments for public purpose programs 

except CARE. This includes energy efficiency programs, 

energy research and development programs, and subsi-

dies for customer-sited batteries, among others.

5.4 Behind-the-meter solar PV
California’s retail electricity pricing structure, together 

with the state’s net energy metering (NEM) policy, have 

been important drivers of “behind the meter” solar PV 

(BTM PV) adoption. By 2018, 6,854 MW of distributed 

solar had been installed under the NEM program, 4,356 

MW of which is residential.25 This level of investment in 

distributed solar PV is significantly less than the utility-

scale investments mandated under the RPS. However, 

the authors estimate that the retail rate implications of 

BTM PV investments have been much larger, as illus-

trated by Figure 5.

Residential customers with PV systems are credited at 

the retail electricity rate for every kWh of solar electricity 

they generate.26 This effectively shifts the burden of fixed 

cost recovery onto customers that have not adopted BTM 

PV. As Figure 4a-c clearly shows, this confers a generous 

subsidy because residential rates significantly exceed 

social marginal cost (which includes, among other com-

ponents, the estimated social cost of greenhouse gas 

emissions). Importantly, the growing gap between the 

retail rate and marginal cost reflects costs that are not 
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avoided—only shifted—when a household adopts PV.
To assess the residential rate implications of this cost 

shift, the authors estimate what residential rates would 
have been absent investments in residential solar PV.27 
For each utility-year, the electricity generated by installed 
residential BTM PV was simulated and then this genera-
tion was added to the residential electricity sales actually 
observed. Next, an estimate of how much lower retail 
rates would have been had costs been spread across this 
broader base of residential electricity consumption was 
established. To streamline these calculations, the authors 
assume that PV systems are adopted by non-CARE cus-
tomers and that residential electricity demand is perfectly 
inelastic.28 The height of the box labeled “BTM PV” shows 
the implied retail price impact. These calculations serve 
as approximate estimates of the residential rate increase 
attributable to BTM PV incentives.29

To put these rate impacts in perspective, the implica-
tions for annual electricity expenditures were assessed. 
Absent household-level data, this analysis is limited in the 
extent that it can characterize the distribution of this cost 
shift across different types of households. However, it was 
possible to estimate average bill impacts for CARE and 
non-CARE households. Annual CARE reports estimate the 
average annual electricity consumption among non-CARE 
and CARE households, respectively. Assuming no change 
in the share of CARE costs borne by the residential sector, 
the number of CARE customers, and the CARE discount 
relative to the non-CARE rate, the average bill impacts of 
BTM PV incentives can be estimated. Figure 5 shows eco-
nomically significant annual bill increases for both CARE 
and non-CARE customers. The impacts are particularly 
striking in SDG&E territory where residential PV genera-
tion accounted for more than 20 percent of residential 
consumption in 2019. Non-CARE and CARE rates increase 
by five cents and three cents, respectively. This translates 
into annual average bill increases of approximately $230 
and $124 for non-CARE and CARE customers.

27 This is equivalent to assuming that the utility institutes a feed-in tariff policy in which all output from residential solar is compensated at the 
utility’s marginal (i.e., avoided) cost.

28 Residential electricity demand is not perfectly inelastic. The simplifying assumption of perfectly inelastic demand will result in an 
under-estimation of the rate impacts of BTM-PV incentives. The assumption that all solar PV is adopted by non-CARE households is 
also strong. To the extent that solar PV is supplying CARE households, this assumption will over-state the rate impacts of BTM-PV 
incentives.

29 We assume that installation of behind the meter solar PV has no effect on the consumption of the household, either decreasing it 
due to greater environmental awareness or commitment to reducing pollution, or increasing it due to “moral licensing” of greater 
consumption or in response to actual lower opportunity cost of consumption under Net Energy Metering if solar panel output would 
otherwise exceed household consumption.

5.5 CARE program for low-income  
      customers
Between 25 and 30 percent of all residential electricity 
is sold to low-income customers at reduced rates, which 
by statute are 32.5 to 35 percent lower than the stan-
dard rates. The cost of this subsidy is borne by all other 
customers, both residential and non-residential.

The height of the CARE box in Figure 4a-c is con-
structed by calculating the difference between the rate 
that non-CARE customers pay and the rate that they 
would pay if there were no CARE program. If there were 
no CARE program, the standard rate would be some-
what lower than the top of the upper staircase because 
with additional customers on the standard rate, that 
rate would not need to be as high in order to cover 
the full revenue requirement from residential custom-

FIG 5 Household-Level Bill Impacts of BTM PV  
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ers. That revenue requirement would change, however, 

because the transfer from non-residential to residential 

due to CARE—which occurs because the CARE subsidy 

is financed with an equal surcharge on all other kWh, 

including non-residential—would be eliminated. The 

counterfactual standard rate if there were no CARE 

program was calculated by solving simultaneously for 

the counterfactual standard rate and the new residential 

revenue requirement in the absence of CARE. Note that 

the height of the CARE box is not the full burden of the 

CARE program on other electricity prices.  The majority 

of the CARE subsidy is covered through higher rates to 

non-residential customers.
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6. Volumetric cost 
recovery is quite 
regressive
The current approach to raising revenues 
creates equity concerns because low-income 
consumers spend a larger share of income on 
energy consumption.30 What other options does 
California have for raising revenue to achieve 
cost recovery for the electricity system and to 
support other worthy priorities? In principle, 
any source of revenue could be used to cover 
these, so an expansive view of the problem 
should consider all major sources of revenue to 
the state.
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California tax revenue comes primarily from income and 

sales taxes, as summarized in Figure 6. Income tax rev-

enue ($96.8 billion in fiscal year 2018-19) are more than 

double sales and use taxes ($41.1 billion in 2018-19) in 

the state. After those, a remaining 18 percent of rev-

enue comes from taxes on corporations, motor vehicle 

excise taxes, and a collection of smaller sources. Prop-

erty taxes are an important source of local revenue, but 

they play a small role at the state level.30

If California shifted some of the cost recovery from 

electricity rates towards income or sales taxes, what 

would be the impact on economic efficiency and distri-

butional equity? On equity, a broad strokes answer to 

this question is provided by the Consumer Expenditure 

Survey from the US Bureau of Labor Statistics. The sur-

vey asks a random sample of U.S. households detailed 

questions about their expenditures.

Figure 7 plots data on expenditures by income 

quintile from the 2,469 California survey respondents 

in the 2017-2018 wave of the survey. Expenditures are 

normalized to the expenditure of the first quintile (e.g., 

a value of two implies that the group spends twice as 

much per household on that category as the lowest 

income quintile).

These data show that expenditures on electricity do 

indeed rise with income; the richest households spend 

almost twice as much as the quintile of households with 

the lowest income. But total household expenditures 

rise much more rapidly than electricity, with the richest 

households spending more than four times the amount of 

the poorest households on all types of consumption. This 

means that a tax on all expenditures would be substan-

tially more progressive than a tax on electricity. Gasoline 

expenditures also rise much faster than electricity.

The sales and use taxes in California do not apply to all 

types of consumption. All of the consumption categories 

in the survey were coded for this report’s analysis ac-

cording to whether or not expenditures in that category 

would be predominantly subject to sales and use taxes. 

Figure 7 shows that relative expenditures of this subset of 

items tracks the overall level very closely. Thus, collecting 

30 Thompson, a.l. “Protecting low-income ratepayers as the electricity system evolves.” energy law Journal, volume 37, no. 2, p. 265. 
2016. available at: https://www.eba-net.org/felj/energy-law-journal-volume-37-no2-2016/

FIG 6 Sources of State Tax Revenue in 2018-19
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FIG 7 Average Expenditures per California  
           Household by Income Quintile Relative to  
          Lowest Quintile

All expenditures subject to sales tax

All expenditures except electricity

Gasoline expenditure

Electricity expenditure

Ex
pe

nd
itu

re
 R

el
at

iv
e 

to
 1s

t I
nc

om
e 

Q
ui

nt
ile

Income Quintile

0

1

2

3

4

54321

source: authors’ calculations of data from the Consumer expenditure 
survey in 2017-2018. source data at https://www.bls.gov/cex/2017/
research/income-ca.htm

64



32volumeTriC CosT reCovery is QuiTe reGressive    | NEXT 10

additional revenue from a sales tax also would be sub-

stantially more progressive than the current approach.

Collecting additional revenue from the income tax 

would be even more progressive. To see that, Figure 

8 adds mean income within each quintile to the chart. 

According to the survey, the richest quintile of house-

holds have income more than 17 times that of the 

lowest quintile. As such, even a flat proportional tax 

on income would be vastly more progressive than the 

tax on electricity that we currently impose. California’s 

progressive income tax implies an even steeper rise in 

income taxes paid as a function of income.

In terms of economic efficiency, reducing electric-

ity prices would have the benefits described above in 

terms of reducing distortions caused by having prices 

well above marginal cost in the electricity sector. Still, 

it should be noted that raising revenue through income 

and sales taxes also creates distortions because these 

taxes lower the incentive to earn income. Economic 

theory suggests that the size of these distortions de-

pends on the elasticity (i.e., how responsive is behavior 

to price) and the size of the pricing distortion squared. 

Because the pricing distortion for electricity is so large, 

the inefficiencies from an income or sales tax are likely 

to be far smaller than the distortions from raising the 

income or sales tax, but the authors are studying this 

important question in related ongoing research.

In short, there is good reason to believe that shifting 

some costs out of electricity rates and onto the general 

state budget could increase economic efficiency while 

also improving the overall equity of the system. There 

are, however, potential headwinds that make such a 

reform challenging. First is that this transition may face 

political opposition from those skeptical of adding any 

liabilities to the state budget. Second is that it does cre-

ate winners and losers, not only within utility service ter-

ritories (as will any rate reform), but also between utility 

territories, including the state’s many municipal utilities. 

About 30 percent of California households are not cus-

tomers of the three IOUs, and pricing implications differ 

even across those three. If system costs were funded 

through statewide revenue sources, it would effect a 

transfer of resources from municipal customers to the 

IOUs and among the IOUs towards those with higher 

system costs.

If the goal is to better align customer prices with so-

cial marginal cost while still recovering total costs, the 

alternative to raising revenue elsewhere is to reform 

electricity rates, which avoids some of those potential 

objections. This approach is discussed next.

FIG 8 Average Expenditures and Income per  
          California Household by Income Quintile  
          Relative to Lowest Quintile
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7. fixed charges 
can be made 
more equitable
Fixed monthly charges have long played a 
role in residential electricity billing. They are 
very attractive on efficiency grounds, allowing 
the utility to cover a revenue gap with almost 
no risk of customer departure, while keeping 
volumetric prices close to marginal cost. They 
also have some appeal on fairness, based on 
the argument that everyone who uses the 
system should contribute to the infrastructure 
that supports it. But, fixed monthly charges that 
are the same for all residential customers are 
also highly regressive; they take a much larger 
share of household income or expenditures 
from lower-income households than from 
wealthy customers.
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Fixed charges that vary with a household’s income can 
retain much of the efficiency appeal of an undifferenti-
ated fixed charge, while at the same time being more 
equitable. Still, implementation of such a tariff faces 
significant practical and administrative hurdles because 
of the need to verify income. And even if one decided 
to implement an income-based fixed charge, there are 
still many choices to be made because there are a mul-
titude of possible ways to structure an income-based 
fixed charge, in terms of both the rate and the practical 
implementation. This section discusses the main op-
tions and obstacles in broad terms, and then sketches 
proposed rate structures as examples.

This report does not attempt to address all the rel-
evant details here, which would inevitably be the subject 
of negotiation between utilities, customers, regulators, 
and other parties. Instead, the goal is to describe the 
core idea and identify the main conditions that would 
make it feasible to simultaneously improve the efficiency 
and equity of California’s electricity rates via income-
based fixed charges.

7.1 Core principles: efficiency, cost  
      recovery, equity and feasibility
Roughly following Bonbright's principles, four principles 
should guide the design of an income-based fixed 
charge: efficiency, cost recovery, equity and feasibili-
ty.31 In brief,  a tariff should be designed that (1) sets 
volumetric prices as close to social marginal cost as 
possible, (2) recovers full system costs, (3) is fair in its 
allocation of burdens, and (4) respects administrative, 
legal and political limitations. Each of these criteria is 
discussed briefly next.

31 Bonbright, J.C. “Principles of Public Utility Rates.” Columbia University Press. 1961. Available at: https://www.degruyter.com/docu-
ment/doi/10.7312/bonb92418/html. Available at: https://www.journals.uchicago.edu/doi/abs/10.1086/706793

32 Note, however, that it is not in fact ideal to price electricity exactly at its social marginal cost when the alternatives to electricity are 
themselves mispriced. To the extent that the price of natural gas and petroleum motor fuels differ from their social marginal cost—be-
cause, for example, producers and users do not have to pay the full cost of associated emissions (as well as congestion and accident 
costs for motor fuels) or fixed infrastructure cost recovery drives price for the alternative fuel above SMC—the optimal price for elec-
tricity may be somewhat below or above its social marginal cost. For a related analysis pertaining to the usage of electric vehicles, see 
Davis and Sallee (2020) cited in earlier footnotes. Here we focus simply on social marginal cost as a benchmark.

33 See for instance, Borenstein and Bushnell (2019) and Burger et al. (2020) in earlier footnotes.

34 Increasing-block pricing is also supported by some who believe that higher prices are appropriate in order to encourage conserva-
tion. However, by setting price equal to SMC, regulators encourage the efficient amount of conservation, because consumers face a 
price that reflects the full social cost of their consumption. Furthermore, Ito (2014) finds that increasing-block pricing does not reduce 
consumption overall compared to a price that does not change with quantity consumed, but yields the same average price across all 
customers. Climate zones are also partially intended to benefit households in hotter areas, but if income-based fixed charges were 
implemented, it is not clear why one would want to further benefit households in one area versus another. If redistribution to house-
holds in hotter areas were a policy goal, one could have lower fixed charges for households in those areas. Ito (2014) available at: 
https://www.aeaweb.org/articles?id=10.1257/aer.104.2.537

7.1.1   What is an efficient rate?
The core objective of this analysis is to propose a tariff 
that is more economically efficient. Roughly, this means  
a tariff with volumetric prices that are as close to social 
marginal cost as possible.

As discussed earlier, in many circumstances, when 
the price of a good equals its marginal cost (inclusive 
of externalities) the optimal (efficient) amount of that 
good will be produced and used, and it will be allocated 
among users so as to maximize its value. The analogous 
point for electricity is that its marginal price should be 
equal to social marginal cost.32

The ideal tariff thus charges social marginal cost per 
kWh, inclusive of generation costs, pollution impacts, 
and system costs that scale with usage. This applies 
the marginal, or avoidable, cost concept discussed 
extensively in Section 3. In addition, the volumetric rate 
should be time varying, as marginal costs vary across 
hours and days. The volumetric rate should also vary 
across space to the extent that transmission congestion 
implies different costs of delivering power to different 
locations within a utility’s service territory. The additional 
complexities of time and location varying costs, which 
have been discussed extensively elsewhere, are not ad-
dressed in this analysis.33 

CARE rates, increasing block pricing and climate zone 
baselines are instruments designed to alter the distribu-
tional outcomes of the current rate structures that charge 
prices well above avoidable cost. All of these features 
could be eliminated in a scheme that achieves equitable 
distribution through income-based fixed charges.34

Prices set at social marginal cost would encourage 
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users to use electricity when their benefit from usage 

exceeds the cost to society of producing and deliver-

ing electricity and to make appropriate investments in 

energy efficiency and fuel switching. Thus, a rate reform 

that moves volumetric prices closer to social marginal 

cost will generate efficiency improvements.35

It is important to note that income-based fixed charges 

themselves could in principle induce inefficient behavior, 

because households may be deterred from earning more 

if their electricity bill rises with income. For example, if 

the fixed charges are a step function of income (what tax 

economists refer to as a notch in the tax schedule), then 

there could be an incentive to keep reported income 

below a critical cutoff. Similarly, if fixed charges are a 

smooth, rising function of income, they could have the 

same efficiency implications as an increase in the income 

tax rate, to the extent they are salient. Such responses 

would represent inefficient distortions in behavior. These 

might only be reporting distortions, but nevertheless, 

one should be attentive to perverse incentives that 

might be created by the fixed charge schedule because 

they erode efficiency (and, potentially, fairness).

Finally, there is another potential distortion from having 

fixed charges if some customers may disconnect from the 

grid to avoid the charge. Such a response would be poten-

tially quite inefficient, but at this point there seems to be 

little risk of significant grid defection.36 

7.1.2   What is a rate that achieves cost recovery?

An economically efficient volumetric price will recover 

some amount of revenue, but it will be substantially less 

than the total revenue requirement for California IOUs. 

The point of fixed charges is to recover the remaining 

costs without pushing volumetric prices above SMC.

This elides the more nuanced question of which costs 

ought to be recovered via electricity bills at all. As noted 

above, an appealing alternative is to simply recover 

some fixed costs via another revenue source, such as 

the income or sales tax. The discussion in this section 

is focused on establishing the relative merits of us-

ing different components of electricity bills to recover 

35 With price set equal to smC, optimal levels of energy efficiency might still not result if consumers are poorly
informed about the efficiency of devices and the range of alternatives. it seems likely, however, that information provision or standards 

would be more effective for such specific cases than general increases in electricity prices.

36 Gorman, W., Callaway, D.s., and Jarvis, s. “should i stay or should i Go? The importance of electricity rate Design for House-
hold Defection from the Power Grid.” applied energy. available at: https://www.sciencedirect.com/science/article/abs/pii/
s0306261920300064

system costs. But whether some categories—like energy 

efficiency programs or wildfire mitigation—can neverthe-

less be moved out of electricity rates entirely should be 

an ongoing debate.

The possibility that utility costs are excessively high, 

whether because of mismanagement, poorly designed 

regulatory incentives, or ill-advised mandates is also not 

addressed in this analysis. Setting aside the question of 

whether costs can be reduced, the amount of revenue 

that must be recovered through charges to electricity 

customers is taken as given.

7.1.3   What is an equitable rate?

An income-based fixed charge can be made to have a wide 

range of possible structures that would distribute the bur-

den of paying for the electricity system across households 

differently. What would make such a system equitable?

The component of the electricity system costs that does 

not change with level of household usage is effectively 

a public good among customers. Economists often use 

three distinct but related equity criteria to determine who 

should pay for a public good. One is the ability to pay 

principle: people with greater income or wealth should 

contribute more. A second is the benefits principle: 

those who benefit more from the public good should 

contribute more. A third is the responsibility principle: 

those who cause the need for the public good should 

contribute more.

Emphasizing the ability-to-pay principle naturally sug-

gests income-based fixed charges as a means to make 

cost recovery relatively progressive. There is no univer-

sal agreement on how progressive revenue collection 

should be, but a useful benchmark is to consider what 

rates would be like if they were as progressive as other 

sources of state revenue that are used to fund public 

goods, namely the California income and sales taxes.

Another common understanding of fairness is based 

upon changes from the current status quo. Some may 

view a rate reform as unfair if it causes certain people 

to pay more. It is inevitable that a rate reform will cause 

some people to pay more and some less than under 
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the current system, but it may be deemed important to 

ensure that certain groups of customers are not made 

worse off by a reform. To that end, the report explores 

rate designs firstly where households with the lowest 

income pay no more than they do today.

A final element is what economists sometimes call hori-

zontal equity—which states that people who are similar 

in income should pay similar fees. Here, a potential 

threat to horizontal equity is if a rate structure has large, 

discrete jumps in fees at particular income cutoffs, then 

customers who are very similar in income may pay very 

different amounts.

7.1.4   What is a feasible rate?

Finally, implementation costs must be factored into 

analysis of alternative rate designs. This has several 

implications.

First, implementation of a rate may require new infor-

mation to be collected or shared between institutions. 

The feasibility criterion requires that information sharing 

be permissible under the law and broadly acceptable 

among customers. It also requires that administrative 

costs of new information collection and processing be 

recognized and included in the analysis.

Second, it should not be overly burdensome on 

consumers. Consumers should be able to understand 

their rates and should have minimal additional burden 

imposed upon them.

Third, feasibility requires that the system be designed 

so that it is possible to collect credible income informa-

tion about households. If the system is easily manipu-

lated, then the principle of equity will be undermined.

The principle of feasibility imposes some real con-

straints on our proposed design, so we dis- cuss several 

key related issues in the next section before sketching 

out some hypothetical rates.

7.2 Administrative pathways towards an  
      income-based fixed charge
In order to assess fixed charges that vary by income, 

there needs to be some marriage between utility billing 

data and information about income. There are several 

ways to achieve this. Four possibilities are outlined here, 

which range from one extreme that fully integrates 

utility billing with the state’s income tax to another 

extreme that requires the utilities to conduct all of the 

income verification themselves. In between are a range 

of options that attempt to leverage the administrative 

strengths of state agencies for purposes of income veri-

fication, which are discussed third. The fourth approach 

explored levies fees at the community level rather than 

at the level of the individual in order to sidestep the 

challenge of verification.

Before detailing these, conceptual issues around the 

use of income as a primary measure are briefly dis-

cussed.

7.3 Measuring income
Like nearly all utility programs for the needy, this analy-

sis focuses on current income as a measure of financial 

well-being. Economists have long recognized that this 

is not an ideal indicator. Lifetime income or wealth are 

likely to better indicate financial need of an individual or 

household. Unfortunately, data on such broader mea-

sures are even more difficult to access or estimate than 

measures of current income, so any feasible scheme is 

sure to rely on the less ideal, but commonly accepted, 

measure of current income.

A preferred measure of current income upon which to 

based fixed charges would account for all of the income 

earned by people who share the same utility account, 

but adjust charges in some way to account for the num-

ber of individuals served by an account, so as to better 

reflect the financial resources and financial needs of a 

household.

This presents some significant practical challenges. 

Because fixed charges would be higher when more 

sources of income are reported, customers might not 

have an incentive to accurately report all of the income-

earning individuals associated with an account if asked. 

The system could be based by default on the income of 

the account holder (and spouse if married filing jointly), 

but inclusion of any other individuals in the household 

headcount would also require reporting of their income.

In the calculations below, households are sorted by 

household income, as reported to the Census Bureau, but 

no adjustment for household size is made. This gives a use-

ful view of the income distribution, but it should be noted 

that full implementation might involve some scaling by 

household size and must grapple with the issue of adding 

up income when an account serves multiple adult earners.
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7.3.1   Model 1: Revenue balancing with the Franchise         

           Tax Board

From an information point of view, the best way to measure 

income is to use the income tax system. If an income-based 

fixed charge were fully integrated with California’s state 

income tax, a scheme could proceed as follows.

Each utility would collect a fixed monthly charge from 

each account holder in each year. The utility would submit 

an information return to the tax filer and to the Franchise 

Tax Board stating two things: the total fixed charges paid 

by each account holder during the calendar year and the 

number of months that the account was active. The state’s 

income tax form would include a calculation of the amount 

of utility cost recovery owed based on the account holder’s 

income and the months of service. This would be similar to 

the documents filed for mortgage payments and myriad 

other tax provisions.37

If an account holder had been charged more than the 

amount they owed, then they would receive a credit. If 

they had paid too little already, then they would owe an 

additional payment. In either case, this payment would be 

rolled into the filer’s state income tax reconciliation. The 

Franchise Tax Board (FTB) would then balance the account 

with each utility. This would act the same as any other fully 

refundable tax credit. If consumers did not wish to report 

any of this type of information to the utility, they could 

simply pay some default rate (which would presumably be 

high) and effectively opt out.

The great advantage of this system is that it assigns the 

logistical tasks to the institutions with the expertise and 

infrastructure to handle them best and imposes minimal 

additional burden on customers.

The Franchise Tax Board has all of the relevant infor-

mation about income and already processes billions of 

information returns. The utilities are asked only to tally 

up one item from within a billing system that they are 

already operating. Customers need only provide a social 

security number, and they will need to add just one 

number on their tax return to claim a credit if they have 

overpaid. In addition, by operating directly through the 

tax system, it is easy to allow for fixed charges that are 

complex functions of income.

37 it would be convenient for the utilities to file information returns based on the account holder’s social security number (or taxpayer 
identification number), but if that poses privacy concerns, it would be straightforward for the tax agency to establish a personal identi-
fication key that maintains privacy.

A simple approach is to collect the same high monthly 

fixed charge from all households, and then rebate over-

payments as part of the tax return. But this would pose 

a significant burden on lower-income households. So, it 

seems important to give lower-income households, or 

perhaps all households, an option to make lower pay-

ments. This is very similar to employer withholding in 

the income tax system. It would be straightforward to 

develop a form that is analogous to the W-4 tax form 

through which account holders would make declarations 

about their income and household size, which would 

then be translated into a monthly payment amount. If 

that amount turns out to be too high or low, the differ-

ence would be reconciled on the return.

There are challenges associated with this approach. 

First, not all account holders file tax returns. Some 

method of accommodating such households without 

requiring them to process a full return just to claim their 

credit would be essential.

Second, there is an issue of underpayment and 

overpayment. Presumably, the FTB would just be a 

passthrough entity, not liable to the utility for a customer 

who doesn’t pay and not having a claim on any over-

payment from customers, or customer failure to claim a 

credit they are owed.

Third, there is a question of administrative cost. If the 

tax agency incurs costs on behalf of the utilities, it would 

presumably be necessary for the utilities to pay those 

costs out of their own revenue. So, some procedure for 

calculating those costs would be required.

Finally, perhaps the most important obstacle is that 

this approach uses the tax system to collect revenue for 

a private entity. This is quite rare, and it may raise a host 

of objections, legal and philosophical. This may be an 

insurmountable barrier. If so, then this scenario might 

be understood not as a likely outcome, but as a model 

against which to compare other schemes that try to 

leverage information sharing to enable an income-based 

fixed charge without involving the FTB in actual revenue 

collection or balancing.
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7.3.2   Model 2: Opt-in verification only

The opposite extreme is for the utilities to be solely respon-

sible for income verification, without the aid of the FTB or 

other state institutions.

Utilities would need to gather information about in-

come from all account holders in order to sort them into 

the relevant categories. Account holders would have 

strong incentives to report lower income than the truth 

if it qualified them for substantial discounts. Thus, if utili-

ties used the low cost option of simply asking customers 

to report their income, it seems likely that there would 

be substantial misreporting that would undermine the 

viability of the system.38

Instead, the utilities could require specific documenta-

tion of income. The obvious problem with that is that 

utilities would need a costly new administrative infra-

structure for processing millions of financial documents. 

Likewise, customers would be burdened with significant 

hassle costs, as they would need to produce and share 

various documents with the utility. In addition, most ways 

of validating income would contain private information 

like social security numbers. 

Utilities do not already have an infrastructure for verify-

ing income, nor do they have any special expertise in 

such matters. Currently, CARE eligibility is determined 

by a self-declaration of the account holder. Auditing of 

these declarations is quite limited, and households face 

little or no penalty for declarations that they cannot sub-

stantiate. Thus, the administrative structures surrounding 

CARE seem to be a thin foundation for the more expan-

sive system needed to execute an income-based fixed 

charge for all customers.

A system in which the utilities attempt to charge 

income-based fixed charges without direct cooperation 

from other state agencies seems seriously problematic. 

This leads to the next consideration: alternatives that 

do not rely on the tax system actually collecting revenue 

but do leverage information available in state institutions 

that can be shared with the utility.

38 Care eligibility in the current regime is potentially subject to these same problems. it is not clear how many ineligible customers 
currently are on a Care rate, but we conjecture that the incentives to misreport would be far more substantial if there was a salient 
change in the monthly charge associated with specific income thresholds, rather than the current rate discount.

39 Here it becomes useful if there are only a few distinct fixed charges. Then, revealing the rate class that is associated with each account 
divulges relatively less personal information.

7.3.3   Model 3: Information sharing without revenue 

           collection

The prior two options represent extremes along a spec-

trum. In between are ways that the utilities and its cus-

tomers could leverage the information available within 

state agencies in order to facilitate an income-based 

fixed charge. Here there are also a range of approaches.

Rather than actually collecting revenue, the FTB could 

simply report to the utilities the income associated with 

each account. This could be done on a rolling basis 

based on the prior year’s tax return, or even prospec-

tively based on withholding information.

A variant of this approach is to let consumers volun-

tarily send tax return documentation to the utilities for 

purposes of verification. But this involves greater hassle 

costs for customers, requires the sharing of personal 

information with the utilities, and requires the utilities to 

interpret and handle large volumes of documents.

Any version of information sharing that requires the 

utilities to handle, process and interpret a large flow of 

incoming documentation for its entire customer base is 

an inefficient use of institutional expertise. A more cost 

effective approach is to have the FTB produce a database 

that associates a fixed-charge rate with each account.39

The Franchise Tax Board does not have full income in-

formation for all account holders because not all people 

file an income tax return, and, if the analysis is based 

on a prior year’s tax return, not all people will have paid 

taxes in the state in the prior year. Moreover, income 

changes over time, so it would be desirable to allow 

changes in income to impact rates more quickly than im-

plied by a full year’s delay based on the tax return cycle.

This suggests an enhanced version where the database 

provided to the utilities has information augmented by 

information returns held by the FTB and/or participation 

in other programs that screen households for eligibility 

based on income. That is, the database could identify 

house- holds as eligible for lower rates proactively based 

on participation in CalFresh, housing voucher programs, 

enrollment in unemployment or disability insurance, or 

other such programs. This could greatly improve the 
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accuracy of the scheme in real time, but it does clearly 

require a level of coordination across state agencies that 

may be costly.

Information sharing may also face legal barriers. This 

report’s authors are not legal experts, but it seems likely 

that legal issues could be avoided if households had 

to opt-in to information sharing. They could be placed 

into the highest fixed charge tier unless they authorize 

the state to release information about which rate class 

they belong in. (The state does not need to release the 

information upon which that is based; it only needs to 

indicate the fixed-charge group.)

If revenue collection and balancing by the FTB is ruled 

out, the approach that likely yields the most efficient 

results by leveraging the relative expertise of different 

institutions is to have the utilities establish criteria for a 

specific set of rates, then have state agencies compile a 

database that assigns households to each rate based on 

tax information, supplemented by program participation 

to help incorporate non-filers, which the utilities use to 

assign a default rate. Customers who believe that this 

process puts them into the wrong group could appeal. 

Such an appeal might require some level of documenta-

tion. Presumably, these appeals would be adjudicated by 

the utilities or an independent consultant.

Note that many of the variants of this approach use the 

idea of defaulting customers into a higher fixed charge. 

If this option is considered a remedy for privacy concerns 

or hassle costs, then it is important to cap the fixed 

charges at a reasonable level, so that many customers 

actually belong in the highest rate class and if customers 

are wrongly put into that class, it need not be financially 

ruinous. This suggests the possibility that there might be 

several distinct default rates that vary by location.

7.3.4   Model 4: Presumptive charges by location

A fourth and final approach is quite different: the utili-

ties could assign fixed charges based on the income of 

the relevant geographic community, such as a census 

block, block group or tract, based on survey or adminis-

trative data.

Households would be assigned a fixed-charge based 

on the income of the community they live in. This is 

meant as an imperfect proxy measure of the household’s 

40 Census data that detail the income distribution within precise geographic areas could be used to study how much misclassification 
there would be for a given scheme. much would depend on how much fixed charges vary (are there many different fixed charges, or 
only a few?) and how precise a geographic area could be used.

income (and possibly more reflective of lifetime income). 

Households who in fact have lower income that would 

qualify them for a lower fixed charge could have the op-

tion to present proof of eligibility that would drop them 

to a lower fee.

This version need involve state agencies only to the 

extent that they are used as a method of income veri-

fication by those who voluntarily choose to do so. But 

even that is not required; income can be measured with 

publicly available data from the Census Bureau.

The advantage of this approach is twofold. First, it greatly 

alleviates the need for household income verification. With 

relatively precise targeting and broader income classes 

for each fixed charge tier, it could well be the case that 

relatively few people would have an incentive to conduct 

verification. Second, it minimizes potential distortions to 

income earning. For households that stick with their default 

charge, there would be no consequence for earning more 

and thus no distortionary incentive. This would thus be a 

relatively efficient option, both in terms of economic incen-

tives and administrative cost.

There are, however, two potential drawbacks. One is 

that such a scheme would be less equitable, as higher-

income households that happen to live in lower-income 

neighborhoods would be getting lower charges than 

those with the same income who lived in a neighbor-

hood with higher average incomes. If income verification 

is challenging, some who are eligible for a lower rate 

may not take it up.40

A second complication is that economic theory sug-

gests that the person who benefits from a favorable rate 

might be the current landowner, rather than a renter or 

future buyer. The reason is that a fixed charge would 

essentially become an attribute of a home or apartment. 

If a landlord can offer an apartment that comes with 

a low monthly utility fee, they may be able to charge a 

higher rent. This would potentially mean that the benefits 

intended to go to lower income households in fact could 

flow to the people who sell them housing. Note that, 

where voluntary income verification is straightforward, 

this might be a benefit that the landlord could only ex-

tract value from if the renter has above average income 

for the neighborhood.
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More broadly, the use of differentiated default rates can 

be integrated with some of the options described above. 

If a version with strong information sharing from the FTB, 

spatially differentiated default rates could be applied only 

to non-filers or those with missing information. Alterna-

tively, spatially-differentiated default rates could serve as a 

base, but high-income earners identified by the FTB would 

be assigned a higher rate, whereas those with lower than 

(local) average income would have the option to provide 

documentation of eligibility for a lower rate.

7.4 Some example rate structures
This section describes a few possible rate structures that 

would feature income-based fixed charges. It is worth 

emphasizing again that there are many ways to construct 

a rate structure with income-based fixed charges in 

terms of the number of different rates, the incomes to 

which they apply, and the progressivity of the schedule. 

Here, a few simple possibilities are considered in order 

to illustrate the potential and to offer broad guidance on 

how high fixed charges might be.

In all of the scenarios, the authors propose that volu-

metric price be set at avoidable cost that is time- and 

location-specific. This will raise revenue that leaves a 

significant cost recovery gap.41 To estimate the num-

ber of accounts at each level of income, data from the 

American Community Survey (ACS) that details counts 

of household income at the census block group level 

for sixteen distinct income categories was used. Block 

groups were assigned to each utility based on util-

ity boundaries, providing a distribution of household 

incomes for each utility in 2019.42

The estimates in Section 5 suggest that in 2019, the 

cost recovery gap is $4.3 billion for PG&E, $3.0 billion 

for SCE, and $1.1 billion for SDG&E. Next, income-

based fixed charge schedules that would recover those 

amounts of revenue are considered. According to FERC 

data, there are 4.8 million residential PG&E accounts, 

41 This discussion of alternatives to covering the cost recovery gap implicitly assumes no change in quantity demanded in response to 
alternative rate designs.  However, this would have no impact on the analysis if price were set equal to private marginal cost. setting 
price equal to social marginal cost instead implies that increases in quantity would have a small positive impact on utility revenues net 
of their private marginal cost, which would help to reduce the cost recovery gap.

42 The number of households assigned to each utility from the aCs differs slightly from the number of accounts reported in data from 
the ferC. We used a deflation factor to adjust the number of aCs households so that it matches the number of accounts reported in 
each utility service territory.

43 When pollution is priced below its social cost, as it is currently, this gap implies that utilities would recover a small amount of net rev-
enue from an increase in consumption.

4.3 million in SCE, and 1.3 million in SDG&E. This means 

that, on average, PG&E needs to recover almost $900 

per household per year; SCE needs to recover around 

$700 per household per year; and SDG&E needs to 

recover around $850 per year. It is important to keep 

in mind that these are costs that the utilities already 

do recover. Currently they recover these costs via high 

volumetric prices. In the alternative discussed here, the 

total revenue collected is held constant, but these large 

sums are switched into fixed charges. It is of course pos-

sible to recover only some fraction of system costs via 

fixed charges, in which case volumetric prices would get 

closer to social marginal cost than they are currently, and 

fixed charges would be proportionally smaller.

For reference, the uniform fixed charge that would be 

required to fully eliminate the cost recovery gap if all 

account holders were charged the same monthly fee is 

first calculated. Assuming all accounts are active for 12 

months, the monthly fixed charge would be $74.02 for 

PG&E customers, $58.80 for SCE customers, and $70.07 

for SDG&E customers. In Figure 9, this is represented by 

the red horizontal line.

Note that in all of these calculations, it is assumed 

that a change in the rate structure does not impact the 

size of the cost recovery gap. This is consistent with the 

assumption that volumetric prices are exactly equal to 

social marginal cost in the reformed rate and pollution is 

fully priced. If so, then any change in consumption as a 

result of lower volumetric rates leads to a $1 increase in 

revenue for every $1 increase in total cost.43

Two income-based fixed charge schedules are con-

sidered here, one pegged to the progressivity of sales 

tax collections and the other to the income distribu-

tion in California, as determined by the data from the 

Consumer Expenditure Survey we analyzed in Section 6. 

Those data report sales taxes paid and income earned 

by household income quintile in California.

To develop example rate structures, the consumers 

were divided roughly into quintiles based on household 
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FIG 9a-c Example Income-Based Fixed Charge Schedules for 2019
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income. (They are not divided perfectly into quintiles be-

cause the ACS data reports only sixteen income catego-

ries.) It is then assumed that the lowest income quintile 

is assessed zero fixed charge.

Next, the authors ask what income-based fixed charge 

schedule would be consistent with a distribution of bur-

dens across the richest four quintiles that is equal to the 

burden of raising the revenue through the sales tax. In 

practice, this means that, compared to a household in the 

second quintile, a household in the third (middle) quintile 

would pay 23 percent more, a household in the fourth 

quintile would pay 66 percent more, and a household in 

the fifth (richest) quintile would pay 180 percent (i.e., not 

quite three times) more. The state raises a substantial 

fraction of its revenue through a sales tax that has this 

same implied burden on its citizens. It is of course possi-

ble to dial up or dial down this progressivity, but pegging 

the progressivity of fixed charges to established sources 

of revenue provides a useful reference point.44

By construction, this schedule would raise revenue in a 

way that is roughly as progressive as the California sales tax. 

The implied rate structure for each utility is shown in the yel-

low lines in Figure 9. For PG&E, the monthly fixed charges 

would range from $54 for the second quintile up to $150 for 

the richest quintile (and zero for the lowest income quintile). 

In SCE, the implied schedule is slightly lower, with a range 

from $46 to $130 per month. For SDG&E customers, where 

even more revenue is needed per household, the proposed 

monthly fees range from $51 to $144.

An alternative is to peg the progressivity of the fixed-

charge schedule to the progressivity of the income distribu-

tion. The survey data used as a reference point here reports 

taxable income, rather than state income tax paid. Thus, 

the tax progressivity is pegged to the income distribution 

(rather than the burden of the income tax), which is concep-

tually equivalent to pegging it to the progressivity of a flat 

income tax. This schedule is substantially more progressive. 

Again, it is assumed that the lowest-income quintile pays 

zero fixed charges. Relative to households in the second 

quintile, households in the third (middle) quintile will pay 77 

percent more, households in the fourth quintile will pay 188 

percent more (i.e., nearly three times as much), and the fifth 

(richest) quintile will nearly six-and-one-half times more.

Visually, this results in much steeper schedules, shown in 

blue in Figure 9. For PG&E, the second quintile would pay 

44 note that we design rates for each utility separately, which means that the schedule depends in part on the distribution of income 
within the service territory. PG&e, for example, has a higher proportion of households in the highest income group.

only $29 per month (as compared to $54 under the sales-

tax motivated scheme), whereas the richest households 

would pay $186 (as compared to $150).

Again, the monthly charges are slightly lower for SCE 

customers, with fees ranging between $27 to $169. 

Monthly rates range between $27 and $169 for customers 

of SDG&E.

By design, this pricing schedule raises the same 

amount of revenue from consumers to cover fixed system 

costs. Overall, consumers would benefit because they 

would pay the same system costs but would face lower 

rates, which they could respond to by consuming more. 

However, any rate reform will create winners and los-

ers. Compared to the current scheme of high volumetric 

prices, a pricing schedule with these income-based fixed 

charges would redistribute the burden of cost recovery 

both across income groups and within income groups 

depending on household consumption.

Among households in the same income category, those 

who consume more electricity will benefit more from the 

introduction of fixed charges. With the anonymized resi-

dential billing data requested from the three utilities,  it is 

possible to fully characterize the number of winners and los-

ers and the amount that they stand to gain or lose in each 

alternative rate reform.

It is thus easy to see how income-based fixed charges, 

even with a modest tilt to charges, can be much more pro-

gressive than the current scheme, in addition to being more 

efficient. A more comprehensive comparison of the implied 

change in cost recovery across higher and lower income 

households will be possible with the billing data we have 

requested.

There are many additional options that could make 

the schedule more progressive generally, or more 

generous to specific groups. For example, the lowest 

income households could have positive or negative fixed 

charges. Or, a larger or smaller fraction of households on 

the lower part of the income distribution could have zero 

fixed charges. In addition, the schedule need not involve 

large jumps at specific income thresholds. Fewer distinct 

categories may simplify the system, but a progressive 

schedule with few tiers will necessarily involve large price 

jumps, which can both create perverse incentives and 

may raise fairness concerns.
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8. Conclusion: 
Rate reform can improve 
both efficiency and equity
High and rising retail electricity prices in California are fueling 
concerns about equity, affordability and the viability of the 
state’s climate objectives. These high electricity prices are due 
not to high marginal costs of electricity supply, but rather to 
the reliance on high volumetric rates to recover system costs 
associated with transmission and distribution infrastructure, 
renewable energy subsidies, wildfire risk mitigation, and other 
factors. This way of recovering costs, which amounts to a tax 
on electricity consumption, is not only inefficient, it is also 
inequitable. Because annual electricity expenditure has only a 
modest correlation with income in California, taxing electricity 
consumption is quite regressive.
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California’s plans to electrify transportation and build-

ings as part of its path to decarbonization will require 

more investments in the electricity system. As long as 

the current rate structure remains in place, these invest-

ments threaten to exacerbate the inefficiencies and 

inequities described throughout the report.

This report has proposed some alternative approaches 

to cost recovery that could out-perform the status quo 

on both efficiency and equity grounds. These include 

an income-based fixed charge that could raise revenues 

in a more equitable way while maintaining an efficient 

volumetric price. Electricity rate reform will surely pres-

ent challenges, both practical and political. But rate 

restructuring is essential to ensure that the California 

energy transition is both affordable and equitable. It is 

the authors’ hope that this report can help build momen-

tum towards a broader discussion about the best way to 

pay for electricity in the state.
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